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1. General Project INFORMATION

1.1. Air Pollution Regulations
Projects at stationary sources with the potential to emit air pollution are subject to the applicable environmental laws specified in Section 403 of the Florida Statutes (F.S.).  The statutes authorize the Department of Environmental Protection (Department) to establish regulations regarding air quality as part of the Florida Administrative Code (F.A.C.), which includes the following applicable chapters:  62-4 (Permits); 62-204 (Air Pollution Control – General Provisions); 62-210 (Stationary Sources – General Requirements); 62-212 (Stationary Sources – Preconstruction Review); 62-213 (Operation Permits for Major Sources of Air Pollution); 62-296 (Stationary Sources - Emission Standards); and 62-297 (Stationary Sources – Emissions Monitoring).  Specifically, air construction permits are required pursuant to Chapters 62-4, 62-210 and 62-212, F.A.C.

In addition, the U. S. Environmental Protection Agency (EPA) establishes air quality regulations in Title 40 of the Code of Federal Regulations (CFR).  Part 60 specifies New Source Performance Standards (NSPS) for numerous industrial categories.  Part 61 specifies National Emission Standards for Hazardous Air Pollutants (NESHAP) based on specific pollutants.  Part 63 specifies NESHAP based on the Maximum Achievable Control Technology (MACT) for numerous industrial categories.  The Department adopts these federal regulations in Rule 62-204.800, F.A.C.

1.2. Glossary of Common Terms
Because of the technical nature of the project, the permit contains numerous acronyms and abbreviations, which are defined in Appendix A of this permit.

1.3. Facility Description and Location

Tampa Electric Company (TEC) Big Bend Station is an electric power facility consisting of four key fossil fuel fired steam generating boilers (Units 1 – 4).  The facility is categorized under Standard Industrial Classification Code No.  4911.  The existing Big Bend Station is located in Hillsborough County at 13031 Wyandotte Road in Apollo Beach, Florida.  The UTM coordinates of the existing facility are Zone 17, 363.15 kilometers (km) East, and 3074.91 km North.  This site is in an area that is in attainment (or designated as unclassifiable) for all air pollutants subject to state and federal Ambient Air Quality Standards (AAQS).  Figure 1shows the location of TEC Big Bend Station in Florida while Figure 2 shows a view of the Big Bend Station.
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Figure 1.  Location of TEC Big Bend Station.
Figure 2.  TEC Big Bend Station.
The Big Bend Station is a nominal 2,028 megawatt (MW) electric generation facility.  This facility consists of four fossil fuel fired boiler electrical generating units (Units 1 – 4); four steam turbines; one simple-cycle combustion turbine (CT No. 1); solid fuels, fly ash, limestone, gypsum, slag, bottom ash storage and handling facilities; and, fuel oil storage tanks.
Units 1 through 4 have a combined electrical generating output of 1,821 MW.  Units 1 through 3 each have a design electrical generating capacity of 445 MW.  Unit 4 has a design electrical generating capacity of 486 MW.  The fuel fired in all four units consists of coal, or a coal/petroleum coke blend containing a maximum of 20% petroleum coke by weight, or coal blended with coal residual generated from the Polk Power Station, or a coal/petroleum coke blend further blended with coal residual generated from the Polk Power Station, and on-site generated fly ash.  In addition to the fuels allowed to be burned during normal operation, each unit burns new No. 2 fuel oil during startup, shutdown, flame stabilization, and during the start of an additional solid fuel mill on an already operating unit.  
For each unit, nitrogen oxide (NOX) emissions are controlled by low NOX burners (LNB), selective catalytic reduction (SCR) system (Unit 4 also has a separated overfire air system (SOFA) system to further control NOX).  Particulate matter (PM) emissions are controlled by dry electrostatic precipitator (ESP), while sulfur dioxide (SO2) emissions are controlled by wet flue gas desulfurization (FGD) on each unit.  Continuous opacity monitoring systems (COMS) are used to measure opacity.  Units 1 through 3 are equipped with continuous emissions monitoring systems (CEMS) to measure NOx, SO2, and carbon dioxide (CO2).  Unit 4 is equipped with CEMS to measure NOx, SO2, CO2, and carbon monoxide (CO).  Unit 1 began operation in 1970, Unit 2 began operation in 1973, Unit 3 began operation in 1976, and Unit 4 began operation in 1985.
1.4. Facility Regulatory Categories
· The facility is a major source of hazardous air pollutants (HAP).

· The facility operates units subject to the acid rain provisions of the Clean Air Act.

· The facility is a Title V major source of air pollution in accordance with Chapter 213, F.A.C.

· The facility is a major stationary source in accordance with Rule 62-212.400, F.A.C. for the Prevention of Significant Deterioration (PSD) of Air Quality.

· The facility does operate units subject to the New Source Performance Standards (NSPS) of 40 CFR 60.
· The facility does operate units subject to the National Emissions Standards for Hazardous Air Pollutants (NESHAP) of 40 CFR 63.
1.5. NSPS Provisions
Unit 4 is subject to and has met the applicable requirements of NSPS Subparts A (General Provisions) and Da (Standards of Performance for Electric Utility Steam Generating Units for Which Construction is Commenced After September 18, 1978) in 40 CFR 60; however, Units 1 – 3 are not subject to NSPS Subpart Da.  In order to determine if Units 1 – 3 can become subject to NSPS Subpart Da if the existing units are “modified” or “reconstructed”.  

Modification is defined as any physical or operational change to an existing facility which results in an increase in the emission rate to the atmosphere of any pollutant to which a standard applies shall be considered a modification.  …..use the following to determine emission rate:  Emission factors as specified in the latest issue of “Compilation of Air Pollutant Emission Factors,” EPA Publication No. AP-42.... where utilization of emission factors demonstrates that the emission level resulting from the physical or operational change will either clearly increase or clearly not increase.

Reconstruction is defined as the replacement of components of an existing facility to such an extent that the fixed capital cost of the new components exceeds 50 percent of the fixed capital cost that would be required to construct a comparable entirely new facility, and it is technologically and economically feasible to meet the applicable standards set forth in this part.

NSPS Subpart Da of 40 CFR 60

NSPS Subpart Da regulates emission of NOX, SO2 and PM.  The addition of the natural gas igniters does represent a physical change in Units 1 - 3.  However, the change will not cause an increase in emissions of NOX, SO2 and PM on a maximum hourly basis.  Per U.S. EPA AP-42 emission factors for the external combustion sources natural gas has lower emission factors for these pollutants when compared to No. 2 fuel oil (Link to AP 42 External Combustion Sources Emission Factors).  Therefore, the proposed project will not be considered a modification to Units 1 - 3.  Additionally, the cost of the proposed component replacements to Units 1 – 3 will be minimal, less than 50% of the cost of replacing the boilers.  Therefore, the proposed project will not constitute reconstruction.  For these reasons, the proposed project will not result in Units 1 – 3 being subject to the applicable requirements of NSPS Subpart Da.

1.6. Project Description

The applicant, Tampa Electric Company, is requesting to replace the existing fuel igniters and associated equipment that will allow boiler Units 1 - 4 to burn natural gas instead of fuel oil for startup, shutdown and flame stabilization.  In addition, the proposed ignition system will have the capability to fire coal with natural gas as a supplemental fuel or operate on natural gas only during low loads.  The applicant is proposing the following changes to the boilers: 
· Replace 24 fuel oil igniters on each boiler (Units 1 through 3) with natural gas igniters.
· Replace 20 fuel oil igniters on Unit 4 with natural gas igniters.
· Replace and/or modify the existing guide tubes on each boiler.

· Install new natural gas igniter piping and valve stations.

· Modify the igniter guns to accommodate the firing of natural gas.

· Modify and upgrade the entire ignition system to accommodate firing natural gas.

· Modify the windbox wall on each boiler to install the new igniters.

According to the applicant, the proposed ignition systems will have the capacity to co-fire with natural gas or operate on natural gas only during low loads; therefore is requesting to increase the use of natural gas as a supplemental fuel.  The conversion to natural gas will not increase steam production rate of the boilers. 
Per Table 1 the following existing emissions units (EU) will be affected by this project.

Table 1 – Affected Emission Units.

	EU ID No. 
	Emission Unit Description

	001
	Fossil Fuel Fired Steam Generator Unit No. 1

	002
	Fossil Fuel Fired Steam Generator Unit No. 2

	003
	Fossil Fuel Fired Steam Generator Unit No. 3

	004
	Fossil Fuel Fired Steam Generator Unit No. 4


1.7. Processing Schedule

· 05/22/2013
Received the application for a minor source air pollution construction permit, application complete.
· 07/02/2013
Issued draft permit package.
2. PSD Applicability
2.1. General PSD Applicability
The Department regulates major stationary sources in accordance with Florida’s PSD program pursuant to Rule 62-212.400, F.A.C.  PSD preconstruction review is required in areas that are currently in attainment with the state and federal ambient air quality standards (AAQS) or areas designated as “unclassifiable” for certain regulated pollutants.  Commonly addressed PSD pollutants for electrical generating facilities such as the Big Bend Station include: CO, NOX, PM, PM with a mean diameter of 10 microns or less (PM10), PM with a mean diameter of 2.5 microns or less PM2.5, SO2, volatile organic compounds (VOC) and sulfuric acid mist (SAM).  

Additional PSD pollutants that are more common to certain other industries include: lead (Pb), mercury (Hg), hydrogen sulfide (H2S), TRS including H2S, reduced sulfur compounds (RSC) including H2S, municipal waste combustor (MWC) organics measured as total tetra- through octa-chlorinated dibenzo-p-dioxins and dibenzofurans (dioxin/furan), MWC metals measured as PM; MWC acid gases measured as SO2 and HCl, and municipal solid waste (MSW) landfill emissions as non-methane organic compounds (NMOC).  

As defined in Rule 62-210.200(Definitions), F.A.C., a stationary source is a “major stationary source” (major PSD source) if it emits or has the potential to emit (PTE):

· 250 tons per year (tons/year) or more of any PSD pollutant; or 
· 100 tons/year or more of any PSD pollutant and the facility belongs to one of the 28 listed PSD major facility categories.
The list given in the citation includes the category of “Electric Services”.  The given category applies to the facility before and after the proposed project.  The Big Bend Station is a major stationary source based on actual emissions of and potential to emit 100 tons/year or more of several individual PSD pollutants.  
For major stationary sources such as the Big Bend Station, PSD applicability for modification projects is based on thresholds known as the significant emission rates (SER) as defined in Rule 62-210.200(Definitions), F.A.C.  Any “net emissions increase” as defined in Rule 62-210.200(Definitions), F.A.C. of a PSD pollutant from the project that equals or exceeds the respective SER is considered “significant”.  SER also means any emissions rate or any net emissions increase of a PSD pollutant associated with a major stationary source or major modification which would construct within 10 km of a Class I area and have an impact on such area equal to or greater than 1 gram per cubic meter, 24-hour average.  

Although a facility may be “major” (i.e. emits or has the potential to emit 100 or 250 tons/year (TPY) as applicable) for only one PSD pollutant, a project must include Best Available Control Technology (BACT) controls for any PSD pollutant that exceeds the corresponding significant emission rates given in Table 2 below.
Table 2 – List of SER by PSD-Pollutant.  a, c
	Pollutant
	SER (TPY)
	Pollutant
	SER (TPY)

	CO
	100
	NOX
	40

	PM/PM10/PM2.5
	25/15/10
	Ozone (VOC) b
	40

	PM2.5 (NOX)
	40
	PM2.5 (SO2)
	40

	Ozone (NOX) b
	40
	SAM
	7

	SO2
	40
	Pb
	0.6

	Hg
	0.1 
	GHG (CO2e)
	75,000 c

	a. Excluding fluoride and those pollutants defined for Pulp and Paper, MWC, MSW landfills.

b. Ozone (O3) is regulated by its precursors (VOC and NOX).  PSD for PM2.5 can be triggered by its precursors (NOX and SO2).
c. Federal SER of 75,000 TPY for GHG (as CO2e) for PSD sources and has not been incorporated into Department rules. 


According to 40 CFR 52.21, six greenhouse gases (GHG), are also be subject to regulation at new stationary sources that will emit or have the potential to emit 100,000 tons/year (SER equal to 75,000 tons/year) expressed as the carbon dioxide equivalent emissions (CO2e).  This requirement has not been incorporated into Department rules but is a separate requirement of the EPA.

2.2. PSD Applicability for Project
The project is located in Hillsborough County which is in an area that is currently in attainment with the AAQS or is otherwise designated as unclassifiable.  As provided in the application, Table 3 below summarizes potential emissions and PSD applicability for the project

Table 3 – Summary of the Applicant’s PSD Applicability Analysis.
	Pollutant
	Annual Emissions, Tons/Year
	Subject to

PSD?

	
	Baseline

Actual a
	Projected

Actual b
	Increase c
	Significant

Emissions Rate
	

	CO
	6,656.3
	6,238.4
	-417.9
	100
	No

	NOX
	4,700.4
	4,739.5
	39.1
	40
	No

	PM/PM10/PM2.5
	690.3
	635.4
	-54.9
	25/15/10
	No

	SO2
	9,131.7
	7,413.00
	-1718.7
	40
	No

	VOC
	95.7
	134.8
	39.1
	40
	No

	GHG
	11,338,943
	10,377,707
	-961,236.3
	75,000
	No

	a. Baseline actual emissions were calculated based on the highest consecutive 2-year average for 2011 and 2012.
b. Projected actual emissions were based on worst case heat input increases.  The projected actual heat input rates for this project was determined to be 109,630,588 Million British thermal units/hour (MMBtu/hour), which is equivalent to the annual heat input average for the baseline period 2011 and 2012.  Projected actual emissions were based on Units 1 – 4 firing the following fossil fuels:  coal with a maximum heat input of 88,240,723 MMBtu/year; co-firing coal and natural gas with a maximum heat input of 19,875,405 MMBtu/year; and low-load firing only natural gas at a maximum heat input of 1,514,460 MMBtu/year.  SCR controls are not operating during low-load.
c. The increase from the project is the difference between the projected and baseline actual emissions.


As shown in the above table, total project emissions will not exceed the PSD significant emissions rates; therefore, the project is not subject to PSD preconstruction review.  

The applicant provided GHG (CO2e emissions) PSD analysis to demonstrate that the proposed project would not trigger a PSD review per 40 CFR 52.21, i.e., the PSD Tailoring Rule. 
3. Department review
3.1. Steam Generator Units 1 - 4 
Fossil Fuel Fired Steam Generator Units 1 – 4 (EU 001 – EU 004) have a combined electrical generating output of 1,821 MW.  The primary fuel fired in these boilers is coal.  The design heat input rates while firing coal varies for each unit:  Unit 1 - 4,037 million British thermal units per hour (MMBtu/hour); Unit 2 – 3,996 MMBtu/hour; Unit 3 – 4,115 MMBtu/hour; and Unit 4 – 4,330 MMBtu/hour.  In addition to coal, No. 2 fuel oil is fired in the units during startup, shutdown, flame stabilization, and during the start of an additional solid fuel mill feed on an already operating unit.  The annual (2011 – 2012) average igniter heat input rate for firing fuel oil was approximately 289,657 MMBtu/year.
The applicant is proposing to replace the existing fuel oil igniters with natural gas igniters, MaxFire Series 100 Gas Igniters (or equivalent to, see Figure 3), in all four units.  Units 1 – 3 each will have 24 fuel oil igniters replaced and Unit 4 will have 20 fuel oil igniters replaced.  Each boiler will have a total heat input from the igniters of approximately 1,680 MMBtu/hour, which is equivalent to 185 MW.  
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Figure 3.  MaxFire Series 100 Gas Igniters.
As part of this project, the applicant is proposing to use natural gas as a supplemental fuel in the boilers, which is over and above what fuel oil was used for during startup, shutdown and flame stabilization.  The proposed ignition system will have the capability to fire coal with natural gas as a supplemental fuel or operate on natural gas only during low loads.  During low-load operation flue gas temperatures are too low for effective SCR operation; therefore SCR controls are not operating.  The applicant is requesting to limit the hourly and annual heat input rates as described in Table 4 below.
Table 4 – Units 1 – 4 Hourly and Annual Heat Input Limits.
	Unit ID No.
	Firing Coal and/or

Coal and NG a
(MMBtu/hour) b
	NG Cap when 

Firing Coal and NG c, d
(MMBtu/year)
	Firing only NG
During Low-Load c, e
(MMBtu/year)

	1
	4,037
	5,015,495
	---

	2
	3,996
	4,295,353
	---

	3
	4,115
	5,029,622
	---

	4
	4,330
	5,534,935
	---

	1 – 4 (combined)
	---
	---
	1,514,460

	a. Natural Gas (NG)

b. Design Capacity:  Based on the original design of each unit natural gas and coal co-firing will not exceed hourly heat input rates.

c. Permitted Capacity:  Natural gas shall not exceed the annual heat input rates.
d. Normal operation, which SCR controls are operating.

e. SCR controls are not in operation.


The hourly and annual heat input limits established will ensure that the project will not exceed the PSD major modification permitting thresholds.
3.2. Emissions
Pipeline quality natural gas contains only trace amounts of ash, sulfur and other contaminants.  According to the application, in 2011 – 2012 the average heat input to all four units was approximately 109,630,588 MMBtu.  According to the applicant the average heat input rate included the firing of fuel oil.  The firing of fuel oil was estimated to be approximately was 289,657 MMBtu/year.  The applicant provided the difference in emissions by comparing the AP-42 emission factors for the combustion of fuel oil and natural gas.  The results are summarized in Table 5 below.  
Table 5 – Estimated Emissions Data for the Boiler Units 1 - 4 firing Fuel Oil and Natural Gas (2011 – 2012).
	Pollutant
	Heat Input

(MMBtu/Year )a
	Fuel Oil Emissions
	Natural Gas Emissions
	Increase

(Tons/Year)

	
	
	Emission Factor

(lb/MMBtu) b
	Equivalent Emissions

(Tons/Year)
	Emission Factor

(lb/MMBtu) c
	Equivalent Emissions
(Tons/Year)
	

	CO
	289,657
	0.036
	5.2
	0.082
	11.9
	6.8

	NOX
	289,657
	0.17
	24.8
	0.14 d
	19.9
	-4.9

	PM
	289,657
	0.014
	2.1
	0.0075
	1.1
	-1.0

	PM10
	289,657
	0.0071
	1.0
	0.0037
	0.5
	-0.49

	PM2.5
	289,657
	0.0018
	0.26
	0.00093
	0.1
	-0.12

	SO2
	289,657
	0.0015
	0.22
	0.00059
	0.1
	-0.14

	VOC
	289,657
	0.0018
	0.26
	0.0053
	0.8
	0.51

	SAM
	289,657
	0.000061
	0.0088
	---
	---
	-0.0088

	a. Average heat input rate from fuel oil igniters for Units 1 - 4 compared to an equivalent heat input rate for natural gas igniters.

b. U.S. EPA AP-42, Chapter 1.3 emission factors for fuel oil combustion divided by the No. 2 fuel oil heating value of 140 MMBtu/103 gallons.

c. U.S. EPA AP-42, Chapter 1.4 emission factors for natural gas combustion divided by the natural gas heating value of 1,020 MMBtu/106 standard cubic feet (scf).
d. NOX Emission Factor when firing natural gas is based on Controlled – Low NOX burners.


As shown in Table 5, the burning of natural gas alone will result in lower annual emissions of NOX, PM/PM10/PM2.5, SO2, and SAM.  CO and VOC showed an increase in annual emissions of 6.8 tons/year and 0.51 tons/year respectively, which is below the PSD significant emissions rates of 100 tons/year (CO) and 40 tons/year (VOC).  
Based on the analysis provided by Tampa Electric Company, the change in emissions would be minimal if natural gas was substituted with fuel oil under the current operating conditions.  However, the applicant is proposing to increase the use of firing natural gas during low-load operation and as a supplemental fuel, which natural gas will be co-fired with coal. Based on the increase in firing natural gas, the applicants PSD analysis showed an increase in NOX and VOC emissions of 39.1 tons/year for each pollutant, which is just below the PSD significant emissions rate of 40 tons/year for both pollutants.
3.3. Departments’ PSD Applicability Determination
In reviewing the submitted information provided by the applicant (see Table 3), the Department is aware that the emission increases for NOx and VOC are predicted to be below the PSD significant emission rates.  The applicants PSD analysis compared baseline actual emissions with projected actual emissions.  The analysis shows the change in emissions from Units 1 - 4 fuel igniters being converted from firing No. 2 fuel oil to firing natural gas for startup and as a supplemental fuel.  Included in the analysis is the possible increase in the utilization of Units 1 - 4 firing natural gas.
Baseline actual emissions for each pollutant were based on the highest 24- month annual average between 2008 and 2012.  The highest 24-month annual average was determined to be 2011 and 2012 for all pollutants.  Actual emissions were determined based on operating data, stack test data, CEMS data, and published emissions data.  Table 1 in the application showed the maximum annual heat input rates for all four units (Units 1 – 4) during this time period was 109,630,588 MMBtu/year.  Included in the maximum annual heat input of all four units was the firing of No. 2 fuel oil, which consisted of an annual average heat input of 289,657 MMBtu/year.  

The Department recognizes that emissions from Units 1 – 4 will be relatively low due it’s to firing clean natural gas.  The increase in the use of firing natural gas will reduce the firing of coal by approximately 19%.  Based on the heat input limits provided by the applicant, the reduction in the firing of coal and replacing fuel oil with natural gas, the Department prepared an analysis showing changes in emissions from the proposed project.  The results are summarized in Table 6. 
Table 6 – The Department’s Analysis for the Conversion to Natural Gas (NG) Igniters.
	Pollutant
	Equivalent Emissions a in Tons/Year

	
	Coal b
	Fuel Oilc
	Co-Firing d
Coal & NG
	Low-Load e

NG Only
	Increase

	CO
	-1,281.77
	-5.2
	814.89
	62.09
	-409.98

	NOX
	-904.77
	-24.8
	852.25
	103.74
	26.42

	PMf
	-131.83
	-0.26
	74.53
	5.68
	-51.87

	SO2
	-1,758.40
	-0.22
	59.63
	4.54
	-1,694.45

	VOC
	-18.14
	-0.26
	53.66
	4.09
	39.36

	a. Since heat inputs and coal emission factors vary for each steam generator unit (Units 1 – 4) refer to Attachment 1 for data used in calculations.
b. Reduction in firing coal.

c. Fuel Oil Obsolete.

d. SCR controls operating.

e. SCR controls are not in operation.
f. Filterable/Condensable.  All condensable PM is assumed to be less than 1.0 micron in diameter.


In comparison with the applicants PSD analysis, the Department’s analysis also showed increases in emissions of NOx and VOC of 26.42 tons/year and 39.36 tons/year, respectively, versus 39.1 tons/year for both pollutants in the applicants PSD analysis.  All four units are equipped with a NOX CEMS, which will provide reasonable assurance that NOX emissions are continuously monitored.  The applicant shall also report the annual actual emissions obtained from the NOx CEMS for a period of five years to ensure NOx emissions will not exceed PSD significant emission rate of 40 tons/year.  
VOC emissions were based on EPA’s AP-42, Chapter 1.4, emission factors for natural gas combustion.  Emission factors are rated from A to E to provide the user with an indication of how “good” the factor is, with “A” being excellent and “E” being poor.  The emission factor used in the projected actual emissions was rated a “C” by EPA.  To provide reasonable assurance that the emission factor used for the combustion of natural gas is a good representation of VOC emissions emitted by Units 1 – 4 and VOC emissions will remain below the PSD significant emissions rate of 40 tons/year, the Department has determined that the applicant, Tampa Electric Company, shall meet the following provisions:

· Emissions of VOC shall be tested on the first available steam generating unit (Units 1 – 4) during normal operation while firing coal prior to the conversion to natural gas igniters.  

· A second test shall be performed on the same steam generating unit while co-firing coal and natural gas after the conversion is complete.  

· If the VOC tests show a good representation of the emission factor used, the applicant shall compute and report annual emissions based on this emission factor obtained from the test data and the actual annual heat inputs for all four boilers (Units 1 – 4) for a period of 5 years following resumption of regular operations after Units 1 – 4 fuel igniters have been converted to fire natural gas.  

· Unless otherwise approved by the Department, the applicant shall continue to use the baseline actual emission contained in the application for the purpose of the PSD applicability determination.

· If the tests show that VOC emissions factor is higher on Units 1 – 4, a construction permit will be submitted prior to exceeding the PSD threshold for VOC to revise the allowable annual heat input rates to escape PSD.
· The permittee shall use data collected from the CEMS to determine, monitor and report the actual annual emissions of NOx for Units 1 – 4 during all operating modes for a period of 5 years following resumption of regular operations after Units 1 – 4 fuel igniters have been converted to fire natural gas.
Reactivating Specific Condition 3. and 4. of Section 3 that was granted in Air Construction Permit 00570039-053-AC.
These conditions were not updated in the air operating permit to allow steam generating Units 1 – 4 to re-inject on-site generated fly ash residual for energy.  Re-establishing this condition in this air construction permit [0570039-065-AC, Specific Condition 4.a.(4)] will authorize Units 1 – 4 to continue to re-inject the on-site fly ash as authorized in Air Construction Permit No. 0570039-053-AC, which expired on December 31, 2012.
Specific Conditions 3.c.(3)(c) and 4.c.(3)(c):
Fly Ash.  Reinjection of Unit 4 flyash on-site fly ash for energy recovery.
[Permit No. 0570039-053-AC]
4.  Preliminary Determination

The Department makes a preliminary determination that the proposed project will comply with all applicable state and federal air pollution regulations as conditioned by the draft permit.  This determination is based on a technical review of the complete application, reasonable assurances provided by the applicant, and the conditions specified in the draft permit.  No air quality modeling analysis is required because the project does not result in a significant increase in emissions.  Tammy McWade is the project engineer responsible for reviewing the application and drafting the permit.  Additional details of this analysis may be obtained by contacting the project engineer at 850/717-9086 or by email tammy.mcwade@dep.state.fl.us at the Department’s Office of Permitting and Compliance at Mail Station #5505, 2600 Blair Stone Road, Tallahassee, Florida  32399-2400.

	Description
	Unit 1
	Unit 2
	Unit 3
	Unit 4
	Total

	2011/2012 Annual Average Heat Inputs

(MMBtu/year)b
	Coal
	27,591,835
	23,630,105
	27,669,552
	30,449,438
	109,340,931

	
	No. 2 Fuel Oil
	73,094
	62,598
	73,300
	80,666
	289,657

	
	Totals
	27,664,929
	23,692,703
	27,742,852
	30,530,104
	109,630,588

	Boiler Projected Actual Heat Inputs

(MMBtu/year)c
	Coal
	22,267,265
	19,070,054
	22,329,984
	24,573,420
	88,240,723

	
	Co-Fire Coal and NG
	5,015,495
	4,295,353
	5,029,622
	5,534,935
	19,875,405

	
	Low-Load NG Only
	382,169
	327,296
	383,246
	421,749
	1,514,460

	
	Totals
	27,664,929
	23,692,703
	27,742,852
	30,530,104
	109,630,588

	Pollutant

Emission Factors

(lb/MMBtu)
	Fuel Oil
	CO
	0.036
	0.036
	0.036
	0.036
	---

	
	
	NOx
	0.17
	0.17
	0.17
	0.17
	---

	
	
	SO2
	0.0015
	0.0015
	0.0015
	0.0015
	---

	
	
	PM
	0.014
	0.014
	0.014
	0.014
	---

	
	
	VOC
	0.0018
	0.0018
	0.0018
	0.0018
	---

	
	Coal
	CO
	0.109
	0.093
	0.095
	0.179
	---

	
	
	NOx
	0.086
	0.087
	0.093
	0.078
	---

	
	
	SO2
	0.164
	0.161
	0.132
	0.205
	---

	
	
	PM
	0.017
	0.018
	0.011
	0.0055
	---

	
	
	VOC
	0.0015
	0.0016
	0.0014
	0.0023
	---

	
	Co-Fire

Coal and NG
	CO
	0.082
	0.082
	0.082
	0.082
	---

	
	
	NOx
	0.086
	0.087
	0.093
	0.078
	---

	
	
	SO2
	0.006
	0.006
	0.006
	0.006
	---

	
	
	PM
	0.0075
	0.0075
	0.0075
	0.0075
	---

	
	
	VOC
	0.0054
	0.0054
	0.0054
	0.0054
	---

	
	Low-Load

NG Only
	CO
	0.082
	0.082
	0.082
	0.082
	---

	
	
	NOx
	0.137
	0.137
	0.137
	0.137
	---

	
	
	SO2
	0.006
	0.006
	0.006
	0.006
	---

	
	
	PM
	0.0075
	0.0075
	0.0075
	0.0075
	---

	
	
	VOC
	0.0054
	0.0054
	0.0054
	0.0054
	---

	Notes:

a. Natural gas (NG)

b. No. 2 Fuel Oil annual average heat input based on Emission Inventory Calculation Work Sheet provided by TEC.  Broken down by boiler unit based on percent of heat inputs provided in Table 1 of the application.
c. Provided in Table 4.B. of the application.


