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1. Application Information

Applicant Name and Address

New Hope Power Partnership

8001 U.S. Highway 27 South

South Bay, FL  33493

Authorized Representative:  Mr. Rodney Williams, Plant Manager
Processing Schedule

01/02/01
Department received initial application.

01/25/01
Department requested additional information.

06/12/01
Department received additional information.

07/11/01
Department requested additional information.

08/15/01
Department received additional information; application complete.

10/23/01
Department received waiver of 90-day clock to consider revised application.

11/05/01
Department received revised application (BACT analyses for CO, SO2, and fluorides).

12/10/01
Department received SO2 ambient impact analysis; revised application complete.

Facility Description and Location

New Hope Power Partnership operates the Okeelanta Cogeneration Plant (OkCP) located near Highway 27, approximately 6 miles south of South Bay in Palm Beach County, Florida.  The UTM coordinates are Zone 17, 524.1 km E, 2940.1 km N.  The plant consists of three biomass/fossil fuel-fired steam boilers with electrical generators designed to produce up to a total of 74.9 MW of net electrical power.  The plant is adjacent to an existing sugar mill and refinery owned and operated by Okeelanta Corporation.  For the purposes of the Department’s Prevention of Significant Deterioration (PSD) and Title V permit programs, the two plants are considered to be a single facility.  The plants are located in Palm Beach County, an area that is in attainment (or designated as unclassifiable) for all air pollutants subject to a National Ambient Air Quality Standard (NAAQS).  The following table identifies the Standard Industrial Classification (SIC) code for each plant.

	Owner/Operator
	Plant
	Standard Industrial Classification

	New Hope Power Partnership
	Okeelanta Cogeneration Plant
	4911 - Electric Services

	Okeelanta Corporation
	Sugar Mill 
	2061 - Cane Sugar, Except Refining

	
	Sugar Refinery
	2062 - Cane Sugar Refining


Regulatory Categories

HAPs:  Based on the Title V operation permit, the facility may have emissions of hazardous air pollutants (HAPs) at levels greater than the major source thresholds.
Acid Rain:  Based on the Title V air operation permit, the facility is not subject to the acid rain provisions of the Clean Air Act (Title IV).

Title V:  The facility is a Title V major source of air pollution because potential emissions of at least one regulated pollutant exceed 100 tons per year.  Regulated pollutants include pollutants such as carbon monoxide (CO), nitrogen oxides (NOx), particulate matter (PM/PM10), sulfur dioxide (SO2), and volatile organic compounds (VOC).

PSD:  The facility is located in an area that is in attainment with, or designated as unclassifiable for, each pollutant subject to a National Ambient Air Quality Standard.  The cogeneration plant is classified as a fossil fuel-fired steam electric plant, which is one of the 28 PSD Major Facility Categories identified in Table 62-212.400-1, F.A.C.  As such, the facility is “major” with respect to the Prevention of Significant Deterioration (PSD) of Air Quality (Rule 62-212.400, F.A.C.) because emissions are greater than 100 tons per year for at least one regulated pollutant.  Therefore, new projects require a PSD applicability review.

NSPS Sources:  The cogeneration units are subject to the New Source Performance Standards in 40 CFR 60 for the fossil fuel fired steam generating units (Subpart Da) and the applicability and exemption criteria of Subpart Ea.  The distillate oil tank is subject to the record keeping requirements of 40 CFR 60, Subpart Kb.

2. Applicable Regulations

State Regulations

This project is subject to the applicable environmental laws of Section 403 of the Florida Statutes (F.S.).  The Florida Statutes authorize the Department of Environmental Protection to establish rules and regulations regarding air quality as part of the Florida Administrative Code (F.A.C.).  This project is subject to the applicable rules and regulations of the following chapters.

	Chapter
	Description

	62-4
	Permitting Requirements

	62-204
	Ambient Air Quality Requirements, PSD Increments, and Federal Regulations Adopted by Reference

	62-210
	Required Permits, Public Notice and Comments, Reports, Stack Height Policy, Circumvention, Excess Emissions, Forms and Instructions, 

	62-212
	Preconstruction Review, PSD Requirements, and BACT Determinations

62-212.300 - General Preconstruction Review Requirements

62-212.400 – Prevention of Significant Deterioration of Air Quality

	62-213
	Operation Permits for Major Sources of Air Pollution

	62-296
	Emission Limiting Standards

62-296.405 - New Fossil Fuel Steam Generators with More Than 250 Million Btu Per Hour Heat Input.

62-296.410 - Carbonaceous Fuel Burning Equipment

62-296.500 - Reasonably Available Control Technology Requirements for VOC and NOx

62-296.570 - Reasonably Available Control Technology Requirements for Major VOC and NOx Sources

	62-297
	Test Methods and Procedures, Continuous Monitoring Specifications, and Alternate Sampling Procedures


Federal Regulations

This project is also subject to the applicable federal provisions regarding air quality as established by the EPA in the following sections of the Code of Federal Regulations (CFR).

	Title 40, CFR
	Description

	Section 51.166
	Requirements for State Implementation Plans, Prevention of Significant Deterioration

	Section 52.21
	Approval of State Implementation Plans, Prevention of Significant Deterioration

	Part 60
	Subpart A - General Provisions for NSPS Sources

Subpart Da - NSPS for Electric Utility Steam Generating Units, Constructed After September 18, 1978

Subpart Ea - NSPS for Municipal Waste Combustors, Applicability and Exemption Requirements

Subpart Kb - NSPS for Distillate Oil Storage Tank, Record Keeping Requirements

Applicable Appendices


3. GeneraL pROJECT Information

History

Okeelanta Corporation owns and operates a sugar mill and refinery just south of South Bay in Palm Beach County, Florida.  Sugarcane is harvested from nearby fields and transported to the mill by truck.  In the mill, sugarcane is cut into small pieces and passed through a series of presses to squeeze juice from the cane.  The cane juice undergoes clarification, separation, evaporation, and crystallization to produce raw, unrefined sugar.  In the refinery, raw sugar is decolorized, concentrated, crystallized, dried, conditioned, screened, packaged, stored, and distributed as refined sugar.  The fibrous byproduct remaining from the sugarcane is called bagasse and is burned as boiler fuel to provide steam and heating requirements for the mill and refinery.  The sugar mill boilers were a primary source of air pollution due to the older, less efficient design and aging equipment.

In 1993, the Department issued a PSD permit to Flo-Energy, Inc., an affiliate of Okeelanta Corporation, to construct a cogeneration plant adjacent to the sugar mill and refinery.  The project included three new biomass-fired boilers to replace the existing sugar mill boilers.  “Biomass” fuels include bagasse from the adjacent sugar mill and wood materials collected from nearby counties consisting of clean dry wood, yard trimmings, land clearing debris, and other vegetative matter.  The cogeneration boilers would provide high-pressure steam to generate up to 74.9 net MW of electricity and deliver low-pressure steam to meet the needs of the sugar mill and refinery.  The “renewable source” electricity would be sold under contract to the Florida Power & Light Company (FPL).  The cogeneration facility is currently owned and operated by New Hope Power Partnership.

The new cogeneration boilers would minimize CO and VOC emissions by high temperature, thermally efficient combustion.  Urea injection would be used to reduce NOx emissions through selective non-catalytic reduction (SNCR).  An electrostatic precipitator would control particulate matter emissions.  Activated carbon injection would be used to reduce mercury emissions expected from coal firing.  Two-thirds of the annual heat input would be provided by bagasse with the remaining one-third provided from the wood materials.  Low sulfur distillate oil would be used as a startup and supplemental fuel.  Although coal was originally included as an emergency fuel in order to secure financial support for the project, Flo-Energy stated that it never intended to burn coal at this facility.  No coal handling facilities were ever constructed or installed.  As shown in the following table, OkCP used net emissions decreases from the shutdown of the sugar mill boilers to compensate for emissions increases from the new cogeneration boilers.

Table 3A.  Original PSD Applicability Analysis for Cogeneration Plant

	Pollutant
	Baseline1, TPY
	PSD Permit2, TPY
	Net Change, TPY
	PSD SER, TPY
	PSD/BACT? 3

	CO
	10388.0
	2012.5
	-8376
	100
	No

	NOx
	888.7
	862.5
	-26
	40
	No

	PM (w/fugitives)
	(473.7)
	172.5 (177.3)
	-301 (-297)
	25
	No

	PM10 (w/fugitives)
	(426.3)
	172.5 (174.4)
	-254 (-252)
	15
	No

	SO2
	748.3
	1154.3
	406
	40
	Yes

	VOC
	401.9
	345.0
	-57
	40
	No

	Lead
	0.280
	0.17
	-0.11
	0.600
	No

	Mercury
	0.026
	0.0300
	0.004
	0.100
	No

	Beryllium
	0.0004
	0.0052
	0.0048
	0.0004
	Yes

	Fluorides
	0.04
	21.20
	21
	3
	Yes

	Sulfuric Acid Mist
	22.40
	34.60
	12
	7
	Yes


Notes:

1.
Baseline annual emissions were based on the average emissions during the most recent 2 years of operation (1990/1991 and 1991/1992 crop seasons) and the best available data.
2.
The annual potential emissions are those specified in the original PSD permit [1].  Some changes have occurred since the original action.  Annual emissions include potential emissions from firing low sulfur coal.
3.
The original PSD permit made BACT determinations for sulfuric acid mist, sulfur dioxide, beryllium, and fluorides.
The cogeneration plant was constructed over a three-year period and commenced initial startup and commercial operation in 1996.  Initial emissions performance testing was completed in 1997.  However, various difficulties with fuel handling systems, the steam interconnection with the sugar mill, and a legal dispute between OkCP and Florida Power & Light delayed full operation of the plant until the 1998/1999-sugarcane crop season.  The initial problems and complications lead to several revisions of the PSD air construction permit as summarized below and in Attachment A of this report.

· Clarification of the types of wood materials that could be fired.

· Several revisions to extend the “shake-down” period and allow continued operation of the sugar mill boilers.

· Authorization to perform testing while firing tire-derived fuel (expired).

· Revision of the SO2 limits for bagasse and wood firing.

· Revision of the testing requirements for sulfuric acid mist emissions.

· Modification of the emissions standards for carbon monoxide, lead, and mercury.
· Clarification of the performance test schedule.
· Modification of the CO averaging period (24-hour to 30-day rolling average basis).
· Authorization to install particulate dust collectors prior to the electrostatic precipitators.
· Authorization to add pipeline-quality natural gas as a supplemental fuel.

· Clarification that the restriction on electrical generating capacity is “net” not “gross” generation.

Emissions Units Descriptions

The cogeneration boilers are identified by the facility as Boiler A (EU-001), Boiler B (EU-002), and Boiler C (EU-003).  Each cogeneration boiler is a spreader-stoker unit.  Biomass fuel enters through the fuel chute and is spread across the furnace.  Small particles of biomass fuel burn in suspension above the grate.  Larger materials are spread in a thin, even bed along the moving grate.  Combustion occurs in three stages within a single chamber:  moisture evaporation, distillation and burning of volatile matter, and burning of fixed carbon.  Natural gas and distillate oil may be fired for startup or as supplemental fuel to maintain constant steam production when the biomass moisture content is excessive or the biomass feed rate is interrupted.
Capacity:  Each boiler has a design heat input rate of 715 MMBtu per hour from biomass fuels, 490 MMBtu per hour from distillate oil, and 605 MMBtu per hour from natural gas.  Each boiler is designed to produce 455,418 pounds per hour of high-pressure steam at 1500 psig and 975° F.  The cogeneration plant is limited to an annual heat input rate of 11.5 x 10+06 MMBtu per year and an hourly net electrical generating rate of 74.9 net MW.

Allowable Fuels:  The cogeneration boilers fire biomass as the primary fuel and natural gas or very low sulfur distillate oil as startup and supplemental fuels.  “Biomass” includes both wood materials and bagasse.  Wood materials are collected from nearby counties and consist of clean construction and demolition wood debris, dry wood, yard trash, land clearing debris, and other clean cellulose and vegetative matter.  Bagasse is received from the adjacent sugar mill and consists of the fibrous, vegetative residue remaining from sugarcane after the milling process.  The biomass fuel shall not contain hazardous substances, hazardous wastes, biomedical wastes, garbage, or special wastes (except wood, lumber, trees, tree remains, bagasse, cane tops and leaves, and other clean cellulose and vegetative matter).  Each boiler is limited to combusting no more than 30% by weight on a calendar quarter basis of yard waste (yard trash) that is defined as a municipal solid waste (MSW) in 40 CFR 60.51a.  Fossil fuel firing is limited to less than 25% of the total permitted heat input on a calendar quarter basis.

Nitrogen Oxides Controls:  Each boiler is equipped with a Thermal DeNOx system that injects urea into the exhaust gas stream to reduce NOx emissions via selective non-catalytic reduction (SNCR).  

Particulate Matter Controls:  The primary particulate control device for each boiler is an electrostatic precipitator manufactured by Research-Cottrell.  Each boiler also has a multi-tube cyclone dust collector manufactured by Barron Industries to collect large particulate matter and prevent over loading the electrostatic precipitator.  All conveyors and conveyor transfer points shall be enclosed to prevent fugitive particulate matter emissions (except those associated with the stackers/reclaimers).  Water sprays or chemical wetting agents and stabilizers shall be applied to stockpiles, handling equipment, and unenclosed transfer points as necessary to minimize fugitive dust emissions.

Mercury Controls:  Each unit is equipped with an activated carbon injection system designed to reduce mercury emissions (primarily installed for coal firing).  The activated carbon storage silos are equipped with a negative pressure system to vent exhaust to a fabric filter during operation.  Exhaust from the fabric filter shall not exceed 5% opacity.

Monitoring Equipment:  Each boiler is equipped with Continuous Emissions Monitoring Systems (CEMS) to monitor and record emissions of carbon monoxide, nitrogen oxides, opacity, and sulfur dioxide.  The following parameters are also monitored and recorded for each unit:  fuel feed rate, steam production, steam pressure, steam temperature, flue gas oxygen content and net electrical energy production.

Miscellaneous Equipment:  Other equipment includes: a biomass feed system; biomass stockpiles; an ash handling and storage system; distillate oil storage tanks; boiler drums, cooling tower, diesel fire pump, steam turbine-electrical generator sets; steam condensers; cooling towers; exhaust fans; and exhaust stacks.

4. PSD Preconstruction Review

General Applicability

The Department regulates major air pollution sources in accordance with Florida’s Prevention of Significant Deterioration (PSD) program, as approved by the EPA in Florida’s State Implementation Plan and defined in Rule 62-212.400, F.A.C.  A PSD review is required only in areas currently in attainment with the National Ambient Air Quality Standard (AAQS) or areas designated as “unclassifiable” for a given pollutant.  A facility is considered “major” with respect to PSD if it emits or has the potential to emit:

· 250 tons per year or more of any regulated air pollutant, or

· 100 tons per year or more of any regulated air pollutant and the facility belongs to one of the 28 PSD Major Facility Categories (Table 62-212.400-1, F.A.C.), or

· 5 tons per year of lead.

For new projects at PSD-major sources, each regulated pollutant is reviewed for PSD applicability based on emissions thresholds known as the Significant Emission Rates listed in Table 62-212.400-2, F.A.C.  Pollutant emissions from the project exceeding these rates are considered “significant” and the applicant must employ the Best Available Control Technology (BACT) to minimize emissions of each such pollutant and evaluate the air quality impacts.  Although a facility may be “major” with respect to PSD for only one regulated pollutant, it may be required to install BACT controls for several “significant” regulated pollutants

PSD Preconstruction Review

PSD preconstruction review consists of two parts.  The first part requires an Air Quality Analysis consisting of:  an air dispersion modeling analysis to predict ambient impacts from the project; a comparison of predicted ambient impacts from the project with National Ambient Air Quality Standards and PSD Increments; an evaluation of the air quality impacts from the project upon soils, vegetation, wildlife, and visibility; and an assessment of the air quality impacts resulting from associated commercial, residential, and industrial growth related to the proposed project.  The purpose of the Air Quality Analysis is to determine whether or not the proposed project will have a significant impact on PSD Class I and Class II areas and determine whether or not emissions from the project contribute significantly to, or cause a violation of, any state or federal ambient air quality standards.

The second part requires the Department to establish the Best Available Control Technology (BACT) for each pollutant emitted in excess of the PSD Significant Emission Rates.  The applicant reviews current control technologies and techniques for similar projects and proposes control options and emissions standards for the project.  The Department reviews the information provided by the applicant with all other available information and makes a determination of the Best Available Control Technology (BACT) for each “significant” regulated pollutant.  The BACT determination must be based on the maximum degree of emissions reduction that the Department determines is achievable through application of production processes and available methods, systems, and techniques for control of each such pollutant.  The Department’s determination is made on a case-by-case basis for each proposed project, taking into account energy, environmental and economic impacts.  The Department must also give consideration to:

· Any EPA determination of BACT pursuant to Section 169 of the Clean Air Act, and any emission limitation contained in 40 CFR Part 60 (NSPS) or 40 CFR Part 61 (NESHAP).

· All scientific, engineering, and technical material and other information available to the Department.

· The emission limiting standards or BACT determinations of any other state.

· The social and economic impacts of the application of such technology.

The EPA currently directs that BACT should be determined using the “top-down” approach.  In this approach, available control technologies are ranked in order of control effectiveness for the emissions unit under review.  The most stringent control option is evaluated first and selected as BACT unless it is technically infeasible for the proposed project or rejected due to adverse energy, environmental or economic impacts.  If the control option is eliminated, the next most stringent alternative is considered.  This top-down approach continues until BACT is determined.

BACT determinations must result in the selection of control technologies capable of achieving at least the applicable emission standards regulated by 40 CFR Part 60 (NSPS) or 40 CFR Part 61 (NESHAP).  The Department will consider the control or reduction of “non-regulated” air pollutants when determining the BACT limit for regulated pollutants, and will weigh control of non-regulated air pollutants favorably when considering control technologies for regulated pollutants.  The Department will also favorably consider control technologies that utilize pollution prevention strategies.  These approaches are consistent with EPA’s consideration of environmental impacts and stated policy for pollution prevention.

PSD Applicability for Project

The facility is located in Palm Beach County, Florida, an area that is in attainment (or designated as unclassifiable) for all air pollutants subject to a National Ambient Air Quality Standard (NAAQS).  It is an existing PSD-major source subject to the new source preconstruction review requirements.  As previously discussed, the original project was subject to PSD review and BACT determinations for beryllium, fluoride, sulfuric acid mist and sulfur dioxide [1].  However, the cogeneration plant has been in commercial operation for more than two years and has established past actual emissions.  The following table summarizes PSD applicability for this project based on a comparison of past actual to future actual emissions for the pollutants affected by the changes.

Table 4A.  PSD Applicability - Comparison of Past Actual to Future Actual Annual Emissions

	Pollutant
	Past Actual

Emissions, TPY 1
	Future Actual

Emissions, TPY 2
	Net Change

TPY
	PSD SER

TPY
	PSD?

	Carbon Monoxide (CO)
	1526.07
	2012.5
	+ 486.4
	100
	Yes

	Sulfur Dioxide (SO2)
	133.23
	345.0
	+ 211.8
	40
	Yes

	Beryllium (Be)
	0.00058
	0.0009
	+ 0.0003
	0.0004
	No 3

	Lead (Pb)
	0.102
	0.108
	+ 0.006
	0.600
	No

	Mercury (Hg)
	0.005
	0.007
	+ 0.002
	0.100
	No

	Fluorides (Fl)
	0.996
	1.08
	+ 0.09
	3
	Yes 4

	Sulfuric Acid Mist (SAM)
	7.99
	20.7
	+ 12.7
	7
	Yes


“TPY” means tons per year of emissions.

Notes:

1. CO and SO2 emissions are based on CEMS data (April 1999 – March 2000).  Sulfuric acid mist (SAM) emissions are assumed to be 6% of the SO2 emissions, which is based on previous stack test data.  Emissions of beryllium, lead, mercury, and fluorides are based on stack test data and actual annual heat input rates.

2. The applicant predicted future actual emissions of beryllium, lead, mercury, and fluorides based on operation at the full permitted heat input rate.  Because past actual operation was approximately 93% of permitted capacity, the requested changes are not expected to result in significant net emissions increases for these pollutants.  The applicant is allowed to predict future actual emissions because the cogeneration plant consists of electric utility steam generating units as defined in Rule 62-210.200(12)(d), F.A.C.  This was discussed in detail in the technical review for the modification of to add natural gas (Permit No. PSD-FL-196L).  The applicant elected to use potential CO, SAM, and SO2 emissions based on recent continuous monitoring data for these pollutants.  Note that SAM emissions are estimated at 6% of the total SO2 emissions.

3. Beryllium is no longer regulated as a PSD pollutant.

4. Although the requested change is not expected to result in a significant net increase in fluoride emissions, it does require a revision of the original BACT determination.

The following sections discuss the individual requests and the Department’s review and preliminary determination.

5. Low Sulfur Coal

Proposed Modification

OkCP acknowledged that coal-handling facilities were never installed and coal should be removed as an authorized fuel.

Department Review and Preliminary Determination

The Department will remove coal as an authorized fuel throughout the permit.  However, the permit will note that the design of the boilers included coal as an alternate fuel source.  The maximum potential emissions for each pollutant will be adjusted accordingly.

6. Carbon Monoxide (CO) Emissions

Proposed Modification

The applicant requests a revision of the CO emissions standard when firing biomass from 0.35 lb/MMBtu based on a 30-day rolling average to 0.35 lb/MMBtu based on a 12-month rolling average.  The applicant contends that a longer averaging period is necessary to account for operational variations resulting from high moisture content of the biomass fuel, which is difficult to control.  The applicant believes that significant rainfall events occurring in late 1999 caused excessive moisture in the wood and bagasse stockpiles.  The applicant acknowledges that numerous changes were made during the extended shakedown period because the boiler, biomass feed system, and flue gas exhaust system did not initially perform as designed.  To simplify compliance, the applicant also requests that the CO emissions standards for fossil fuels be revised to a 12-month rolling average.

The applicant provided a summary of BACT emissions standards for similar existing biomass boilers from EPA’s RACT/BACT/LAER clearinghouse database.  The applicant notes that “good combustion practices” are the predominant control technique.  The requested emissions standard is well within the range of BACT determinations for these similar projects.

Department Review and Preliminary Determination

The cogeneration plant was originally permitted in 1993, subject to PSD review [1].  However, due to a netting analysis that considered emission decreases due to the shutdown of existing sugar mill boilers, PSD review was not triggered for CO emissions.  Baseline CO emissions were estimated to be 10,388 tons per year and the potential CO emissions established in the PSD permit were 2012.5 tons per year (approximately an 80% decrease in actual CO emissions).  The CO emissions standard was established based on the boiler design and the vendor’s guarantee.  The Department notes that the original CO standard was 0.35 lb/MMBtu based on an 8-hour averaging period, which was eventually revised to 0.35 lb/MMBtu based on a 30-day rolling average.  

Based on CO CEMS data, there were several excursions of the current CO emissions standard of 0.35 lb/MMBtu (30-day rolling average).  However, the boilers were in compliance with the current CO emissions standard the majority of the time.  A strong correlation between CO emissions and other monitored parameters (such as fuel type, biomass ratio, steam production, etc.) was not apparent from the CEMS data.  The highest 8-hour CEMS readings were:  Boiler A – 2.69 lb/MMBtu; Boiler B – 4.28 lb/MMBtu; and Boiler C – 1.83 lb/MMBtu.  Because these values were much higher than originally evaluated, the applicant provided an ambient impact analysis that indicated no adverse impacts from the higher than expected short-term CO emissions.

The applicant provided monthly rainfall data versus monthly CO emissions data that suggests significant periods of rainfall result in elevated CO emissions occurring shortly afterwards.  The applicant contends that moisture in the stockpiles accumulates after a heavy rainfall and must be driven off in the boilers.  This leads to less efficient fuel combustion and higher CO emissions until the stockpiles dry.  The applicant believes that even a partial cover for a 2- or 3-day supply of dry biomass would be costly and substantially restrict the current biomass handling operations (tractors, loaders, etc.).

The Department reviewed EPA’s July 2001 release (Supplement G) of the 5th edition of AP-42, the federal emission factor document [3].  The supplement included a new Section 1.6 for wood residue combustion in boilers.  Several new test data sets were added to previous test data due to ongoing projects such as the Industrial Combustion Coordinated Rulemaking (ICCR) workgroup.  The following important changes were noted:

· The general emission factor quality rating either remained the same or improved due to the changes.

· All emissions factors are now based on heat input (lb/MMBtu).

· Data is no longer reported based on “boiler type”.  When required, separate emission factors are provided for “wet wood” (( 20% moisture) or “dry wood” (< 20% moisture).

· The previous CO emission factor was 1.51 lb/MMBtu (equivalent) for spreader stokers and had a “C” quality rating.  The revised CO emission factor is 0.60 lb/MMBtu for all fuels and boiler types and has an “A” quality rating.

The emission factor revision is significant because it is representative of actual tested similar units and carries the highest quality rating (A).  Although AP-42 is not appropriate for establishing a permit standard, it is suitable for estimating long-term emissions from similar units within an industry.  In looking closer at the test data used to generate the revised emissions factors, the following details are noted:

Table 6A.  Comparison of CO Emission Factors (AP-42) for Wet and Dry Wood

	Parameter
	Wet Wood, lb/MMBtu
	Dry Wood, lb/MMBtu

	Minimum
	0.05
	0.04

	Maximum
	2.42
	2.56

	Average
	0.57
	0.62

	Standard Deviation
	0.50
	0.66


The above information does not appear to support the applicant’s contention that higher CO emissions result from firing wet fuel.  However, it is noted that the factor for wet wood was based only on 12 emissions tests, while the factor for wet wood was based on more than 60 tests.  In addition, the test data does show substantial variations in emissions between tested units and individual tests.  It also seems a logical assumption that a solid fuel, wet from recent rainfall, offers less efficient combustion and higher CO emissions than an identical dry fuel.

Based on the OkCP’s CEMS and operational data, the actual CO emissions from the cogeneration boilers were 1526 tons per year.  The actual heat input was 10,725,416 MMBtu per year.  This equates to an annual CO emissions rate of 0.28 lb/MMBtu, which is approximately half of the expected rate based on AP-42 emission factor data for spreader stoker boilers.  On a unit-by-unit basis, the average annual emission rates were:  Boiler A – 0.25 lb/MMBtu; Boiler B – 0.30 lb/MMBtu; and Boiler C - 0.30 lb/MMBtu.  These rates are approximately 15% below OkCP’s requested standard of 0.35 lb/MMBtu based on a 12-month rolling average.

The Department also reviewed wood-fired boilers with PSD permits issued since 1989.  Attachment B summarizes a list of facilities generated from EPA’s RACT/BACT/LAER Clearinghouse with heat input greater than 200 MMBtu per hour from wood firing.  The CO emissions standards range from 0.29 lb/MMBtu to 2.25 lb/MMBtu.  This is within the range used to develop the revised AP-42 emission factor as well as emissions from the OkCP plant.  As an example, the Michigan Department of Environmental Quality issued a recent PSD permit modification to the Grayling Generating Station L.P. (Draft Permit June 2001).  This facility operates a wood-fired boiler with a capacity of 523 MMBtu per hour, which is equipped with multi-clones, an electrostatic precipitator, and selective non-catalytic reduction.  The fuel, boiler capacity, and control equipment appear very similar to OkCP’s cogeneration boilers.  The CO emissions standard for this unit is 464 ppmvd corrected to 7% oxygen based on a 24-hour average, which is equivalent to approximately 0.50 lb/MMBtu.  It is also noted that many of the wood-fired boilers listed in this table operate within a paper mill or woodworking plant.  These types of facilities generate a relatively homogenous supply of wood materials for use as boiler fuel.  In contrast, OkCP obtains wood materials from nearby counties in the form of clean construction and demolition wood debris, dry wood, yard trash, land clearing debris, lumber, trees, tree remains, bagasse, cane tops and leaves, and other clean cellulose and vegetative matter.  The variation in biomass types can lead to wide short-term variations in fuel heating values and moisture contents.

Finally, the Department notes the following statements made by the American Gas Association in a 1987 book discussing the control of air pollution by firing or co-firing natural gas: “Water content is a major variable in wood waste utilization and here again [natural] gas assist can serve as a useful co-fuel to accommodate the particular characteristic of any load in a heat recovery incinerator.  The technology of hogged wood waste burning has advanced considerably in recent years.  Gas assist for drying, pyrolysis and ignition and gas afterburning for emission control purposes adds the extra degree of control needed to accommodate a large diversity of wood waste fuels.”  [4]

The Department concludes that the applicant’s request for a longer averaging period for the CO emissions standard is reasonable given this type of operation and the final design as constructed.  The biomass fuel fired in the cogeneration boilers includes a broad range of vegetative materials that may have wide fluctuations in the short-term heating value and moisture content, which can result in higher short-term CO emissions.  Substantial rainfall events appear to increase actual CO emissions.  Therefore, the Department specifies the following draft BACT standards based on good combustion practices.

· The current CO standard of 0.35 lb/MMBtu based on a 30-day rolling average will be revised to 0.50 lb/MMBtu based on a 30-day rolling average.

· A CO standard of 0.35 lb/MMBtu based on a 12-month rolling average will be established.

In addition, all references to coal firing will be removed.  The 12-month rolling average ensures that the cogeneration boilers, as constructed, remain capable of complying with the original design specification on a long-term basis.  The increased 30-day rolling average provides operational flexibility in consideration of the varying fuel qualities and sets an upper limit.  Compliance continues to be by CEMS.  The draft permit will also include additional requirements regarding good combustion practices such as monitoring the flue gas oxygen content to optimize air/fuel ratio parameters, preventing tramp air intrusion into the boilers, mixing biomass to provide a homogeneous fuel blend, or supplemental fuel firing to enhance combustion.
The Department did not perform a rigorous review of available control equipment for this project.  The highest ranking add-on control alternative would likely be a catalytic oxidation system.  However, a biomass boiler may not be an appropriate application for this control option because of the relatively high particulate matter loading and flue gas moisture content, which can lead to fouling of the catalyst.  Rather, the Department relied largely on the information regarding similar biomass boilers identified in the RACT/BACT/LAER clearinghouse.  No add-on controls were specified for these types of units.  The proposed emission standards appear to be well within the range identified as BACT for biomass boilers.  Some consideration was also given to the wide range of biomass fuel being fired at this facility compared to similar facilities firing biomass from a single source.  The revised standard does not result in increased allowable annual emissions.

7. Sulfur Dioxide (SO2) Emissions

Proposed Modification

The applicant requests the following revisions of the SO2 biomass standards: from 0.10 lb/MMBtu to 0.20 lb/MMBtu based on a 24-hour average; from 0.02 lb/MMBtu (bagasse) and 0.05 lb/MMBtu (wood) to 0.10 lb/MMBtu (biomass) based on a 30-day rolling average; and a long-term SO2 standard of 0.07 lb/MMBtu based on a 12-month rolling average.  The applicant contends that these changes are necessary due to the higher than expected SO2 emissions when firing biomass and offers two possible reasons.  First, mechanical dust collectors were installed to remove large particles and prevent overloading the electrostatic precipitators (ESPs).  The applicant believes that SO2 in the flue gas is partially absorbed by large fly ash particles, which are typically alkaline in nature.  Removing these larger particles immediately after the boiler air pre-heater allows less time for the reaction between SO2 emissions and the alkaline particles to take place.  Secondly, the applicant contends that actual analyses of biomass samples over the last several years indicate a greater variability in the sulfur content (particularly wood) than previously believed.  The applicant notes that, based on their requests, annual potential SO2 emissions would be reduced from 1154 to 402.5 tons per year.  In addition, the applicant also requests revisions of the long-term biomass mix from 34% wood/66% bagasse to 50% wood/50% bagasse.

The applicant provided a summary of BACT emissions standards for similar existing biomass boilers from EPA’s RACT/BACT/LAER clearinghouse database.  “Low sulfur fuels” are typically specified for biomass boilers, although a few projects have required flue gas desulfurization equipment.  SO2 BACT standards ranged from 0.083 to 0.46 lb/MMBtu with the highest standard for a boiler firing a combination of bark and sludge.  Paper mill sludge can have a much higher sulfur content than bark alone.  Many facilities fuel units with wood materials from nearby cabinet shops or related activities.  This provides a much more homogeneous and controllable fuel supply than that of OkCP.  The applicant identifies technically feasible add-on control equipment such as wet and dry flue gas desulfurization.  However, these systems result in waste disposal problems and would likely be cost prohibitive for retrofit to the existing units, particularly considering that potential SO2 emissions are being reduced from 1154 to 402 tons per year as a result of this project.  The applicant believes that low sulfur fuels continue to reflect BACT for these biomass boilers as evidenced by the RACT/BACT/LAER clearinghouse data.

Department Review and Preliminary Determination

The original project was subject to PSD review for SO2 emissions; however this was because coal was included as a “reliable” backup fuel due to financial concerns.  For the initial project, the Department determined that firing low sulfur fuels, restricted fossil fuel firing, and an annual SO2 emissions limit represented the Best Available Control Technology (BACT) for SO2 emissions.  The applicant’s new requests would not affect the firing of “low sulfur” fuels.  In fact, coal will be removed as an authorized fuel and fossil fuel firing (natural gas and distillate oil) will continue to be limited to less than 25% of the heat input for each calendar quarter.  Allowable annual SO2 emissions would be greatly reduced.

In reviewing the original application, assumptions related to biomass fuel sulfur content turned out to be poor.  The following table summarizes the biomass fuel sulfur content.

Table 7A.  Biomass Fuel Sulfur

	Information Source
	Wood, % by wt. dry
	Bagasse, % by wt. dry

	Original PSD Application [1]
	0.009%, avg.
	0.009%, avg.

	OkCP, Actual Samples
	0.02%, low

0.07%, avg.

0.27%, high
	0.02%, low

0.03%, avg.

0.05%, high

	Babcock and Wilcox [2]


	0.1%

(Pine and Hardwoods)
	No Data

	AP-42, Appendix A
	Negligible
	“Low Levels”


As shown, these fuels typically have very low levels of sulfur.  However, actual sampling data by OkCP shows a wide variation of fuel sulfur for wood and some variation for bagasse.  The SO2 emission factors corresponding to the average actual fuel sulfur would be 0.31 lb/MMBtu for wood and 0.16 lb/MMBtu for bagasse.  Actual annual monitored SO2 emissions (0.025 lb/MMBtu), suggest that only 10% of the potential emissions are exiting the exhaust stack.  This could be due to a number of reasons, including: a portion of the available fuel sulfur is not oxidized and remains in the ash; absorption of SO2 onto alkaline fly ash particles in the exhaust gas, which are removed in the ESP; or a combination of both.  There is insufficient information to determine whether or not installation of the mechanical dust collectors affected any reduction mechanism.

EPA revised Section 1.6 (Supplement G to the 5th edition) for wood residue combustion in boilers in July of 2001 [3].  The Department notes the following important changes regarding SO2 emission rates:

· The old SO2 emission factor was 0.008 lb/MMBtu (equivalent) for wood-fired boilers with a “B” rating.  The revised SO2 emission factor is 0.025 lb/MMBtu for all fuels and boiler types with an “A” rating.

· Based on the AP-42 test data used to generate the emissions factors, the average SO2 emission rate for all tested spreader-stoker boilers firing wet wood is 0.032 lb/MMBtu.

This revision is significant because it reflects an increase of more than three times the previous published value.  A review of the supporting test data shows that the measured SO2 emission rates ranged from 0.001 to 0.13 lb/MMBtu.  In addition, the tested units did not employ equipment specifically designed to remove SO2 emissions, which means that the tested emission rates should be a function of the wood sulfur content.  This suggests a wide variation in the wood sulfur contents fired during the tests, which is reflected in the new emission factor.

Again, Attachment B summarizes a list of facilities generated from EPA’s RACT/BACT/LAER Clearinghouse for similar boilers with heat inputs greater than 200 MMBtu per hour from wood-firing that were permitted after 1989.  The SO2 emissions standards range from 0.008 to 0.30 lb/MMBtu, with an average of 0.06 lb/MMBtu.  Many of the averaging periods are on a long-term basis.  One similar facility (Scott Paper Company) has a 365-day rolling average.

Based on CEMS data, the actual annual SO2 emissions from the cogeneration boilers averaged 133.23 tons per year.  The actual heat input was 10,725,416 MMBtu per year, which is 93% of the permitted annual capacity.  This equates to an annualized emissions rate of 0.025 lb/MMBtu, which correlates well with the revised AP-42 emissions factor of 0.025 lb/MMBtu.  Individually, the calculated annual emissions rates would be:  Boiler A – 0.025 lb/MMBtu; Boiler B - 0.024 lb/MMBtu; and Boiler C - 0.026 lb/MMBtu.

To evaluate the applicant’s belief that flue gas desulfurization remains cost prohibitive for the biomass boilers, the Department estimated costs for a lime spray dryer system, which is typically less expensive that wet scrubbers or other dry injection techniques with similar control efficiencies.  This technology is well known and utilized at numerous power plants around the country.  Based on the original vendor quotes in the 1993 permit application, control costs were corrected to reflect less “contingencies” and lower operational costs than originally assumed.  Examples of lower operating costs include reducing hydrated lime and solid waste disposal costs in proportion to the amount of SO2 available for control.  In addition, capital cost recovery was based on 7% interest and a 15-year equipment life.  Lime spray dryer systems for the project were estimated to result in $7,130,500 in capital costs and $1,427,700 in annual operating costs.  Total annualized costs for a lime spray dryer system were estimated to be $2,210,600 per year.  Based on an uncontrolled emission rate of 0.07 lb/MMBtu, the cost effectiveness would be $5772 per ton of SO2 removed (383 tons of SO2 removed with a control efficiency of 95%).  Based on an uncontrolled emission rate of 0.06 lb/MMBtu, the cost effectiveness would be $8068 per ton of SO2 removed (274 tons of SO2 removed with a control efficiency of 95%).

Because equipment costs can change substantially over eight years, an additional estimate was performed based on information available from the power plant industry [5, 6, 7].  Based on an industry factor of $100 per installed kW, the total capital costs were estimated to be $7,500,000.  Based on an industry factor of $4 per kW-yr, fixed annual operating and maintenance costs were estimated to be $300,000 per year.  Based on an industry factor of $2.24 per MW-hr, 90% capacity, and 61% utilization, the variable annual operating and maintenance costs were estimated to be $814, 000 per year.  Based on a 7% interest rate and 15-year equipment life, the annualized control costs were estimated to be $1,937,500 per year.  Based on an uncontrolled emission rate of 0.06 lb/MMBtu, the cost effectiveness would be $7071 per ton of SO2 removed (274 tons of SO2 removed with a control efficiency of 95%).  This represents a less than 15% difference with the previous estimate and provides some reassurance.

However, actual annual SO2 emissions have been relatively low.  As previously mentioned, the actual annual SO2 emissions from this plant were reported as 133 tons per year.  Assuming annualized control costs of $2,074,050 (average of two examples) and a control efficiency of 95%, the cost effectiveness would approach $16,500 per ton of SO2 removed.  This would clearly be cost prohibitive.

The Department concludes that the applicant’s request for revised SO2 emissions standards is reasonable based on the available information, which indicates that the fuel sulfur content of biomass is higher than originally proposed and much more variable.  Bagasse is about three times higher and wood materials nearly seven times higher than originally expected.  The SO2 emissions are directly a function of the fuel sulfur content, but are difficult to minimize on a short-term basis because of fuel sulfur variation and the unqualified SO2 removal mechanism.  The retrofit of add-on flue gas desulfurization equipment does not appear appropriate for the existing units nor the requested modification.  Therefore, the Department establishes the following draft BACT standards based on the firing of low sulfur fuels.

· The current 24-hour SO2 standard is revised to 0.20 lb/MMBtu when firing any authorized fuel.

· The 30-day rolling SO2 standard will be revised to 0.10 lb/MMBtu when firing any authorized fuel.  This is consistent with the 30-day averaging period specified in NSPS Subpart Da and represents a much lower limit than the NSPS (0.60 lb/MMBtu for solid fuel and 0.20 lb/MMBtu for gas and oil firing).

· An annual SO2 standard will be established at 0.06 lb/MMBtu based on a 12-month rolling average when firing any fuel.

All references to coal firing will be removed.  The 30-day rolling standard provides the operational flexibility requested due to fuel sulfur variability while maintaining low SO2 emissions.  The 12-month standard is consistent with past operation, while giving consideration to the following:  absence of coal firing; higher fuel sulfur contents for biomass than previously believed; an increased wood/bagasse fuel ratio; the addition of natural gas firing; and the quarterly heat input limit on fossil fuel firing.  In addition, note “c” in Permit Condition No. 20 will be deleted because the permitting action satisfies this requirement.  This note allows revision of the 30-day rolling average SO2 emissions standard subsequent to initial compliance testing.

8. Sulfuric Acid Mist (SAM) Emissions

Proposed Modification

The applicant requests revision of the sulfuric acid mist emission standard for biomass firing from 0.003 to 0.012 lb/MMBtu based on an average of three 1-hour test runs.  The basis for the request is that sulfuric acid mist emissions were originally estimated based on SO2 emissions for which an increase in the emission limit has also been requested. 

Department Review and Preliminary Determination

The initial tests conducted for sulfuric acid mist indicate an actual average emission rate of 0.0015 lb/MMBtu.  This is approximately 6% of the annual actual SO2 emission rate of 0.025 lb/MMBtu.  The Department notes that the original PSD permit did not include a BACT determination for sulfuric acid mist emissions, as was required [1].  Limiting SO2 emissions effectively limits potential emissions of sulfuric acid mist.  Therefore, the Department makes a draft BACT determination that sulfuric acid mist emissions are minimized by the use of low sulfur fuels and restricted fossil fuel firing.  The revised permit will note that sulfuric acid mist emissions are estimated to be approximately 6% of the SO2 emissions based on CEMS data for purposes of reporting annual emissions.

9. Beryllium Emissions

Proposed Modification

The applicant requests removal of the beryllium emissions standards and testing requirements for coal and oil firing.  The applicant contends that these limitations were the result of coal firing, which accounted for the majority the total emissions.  Because coal firing is being removed from the permit, the applicant requests removal of these standards.

Department Review and Preliminary Determination

In the original PSD permit, the Department determined BACT to be the firing of low sulfur coal and distillate oil, the restricted use of these fuels, and the installation of an electrostatic precipitator to capture particulate matter emissions, which would contain beryllium [1].  The determination stated that the primary sources of beryllium were fossil fuels and specified limits for coal and oil firing.  The original application considered beryllium emissions to be negligible when firing biomass fuels and the permit contains no emission standards for biomass firing.  The beryllium standard (5.9 x 10-06 lb/MMBtu) for coal firing is nearly 17 times higher than the standard for oil firing (3.5 x 10-07 lb/MMBtu).  Actual stack test data indicates that beryllium emissions when firing bagasse are below the detectable level of the test method.  Limited test data when firing wood material indicates beryllium emissions of 2.23 x 10-07 lb/MMBtu, which is on the order of magnitude of the oil-firing standard.  However, several of the test runs reported emission rates below the detectable level of the test method.

Beryllium is no longer a PSD regulated pollutant (see Table 62-212.400-2, F.A.C.) and coal, the highest potential source of beryllium, will be removed as an allowable fuel.  Therefore, the beryllium emission standards and testing requirements for coal and oil firing will be removed.  Beryllium emissions continue to be minimized by the firing of biomass fuels and very low sulfur distillate oil, which contain only trace amounts of beryllium.  In addition, the beryllium is generally emitted as a particulate emission, which continues to be filtered out with the existing electrostatic precipitator (ESP).  This determination results in the regulation of beryllium consistent with other trace metals for similar combustion sources.

10. Fluoride Emissions

Proposed Modification

The applicant requests removal of the fluoride emission standards and testing requirements for both coal and oil firing.  The applicant contends that these limitations were the result of coal firing, which accounted for nearly 99% of the total emissions.  Because coal firing is being removed from the permit, the applicant requests removal of these standards.  If a fluoride limit for biomass firing is required by the Department, the applicant requests a standard of 7.0 x 10-04 lb/MMBtu.  The applicant notes that this is the highest tested rate for bagasse and wood firing from a single boiler and would likely overstate the annual emissions.  However, the applicant believes that such a higher limit is necessary due to the potential fuel variability.

Department Review and Preliminary Determination

In the original PSD permit, the Department determined BACT to be the firing of low sulfur coal and the use of an ESP to capture particulate matter emissions, which contained fluorides [1].  The determination stated that the primary source of fluorides was low sulfur coal, but specifies limits for both pollutants when firing coal and distillate oil.  The original application considered fluoride emissions to be negligible when firing biomass fuels and the permit contains no emission standards for biomass firing.

The fluoride standard (2.4 x 10-02 lb/MMBtu) for coal firing is several orders of magnitude higher than the standard for oil firing (6.3 x 10-06 lb/MMBtu).  Actual stack test data indicates that fluoride emissions when firing bagasse are 2.24 x 10-04 lb/MMBtu and when firing wood material are 1.46 x 10-04 lb/MMBtu, which is higher than the limit for oil firing.  Fluoride would generally be emitted in gaseous form as hydrogen fluoride, which would not be controlled by an electrostatic precipitator.  Given the maximum emissions rate of 7.0 x 10-04 lb/MMBtu requested by the applicant, maximum annual fluoride emissions would only be 4.03 tons per year.  At this level, the Department believes that add-on controls would be cost prohibitive.  Therefore, the Department makes the following draft BACT determination.

· All references to coal firing will be removed.

· The fluoride emission standard for oil firing will be removed.

· Fluoride emissions shall be minimized by firing biomass as the primary fuel with natural gas and very low sulfur distillate oil as supplemental fuels.

The firing of biomass, natural gas, and distillate oil (which contain little or no fluorides), represents BACT for the biomass boilers.  The Department believes that enough stack testing has been performed to determine a reliable emission factor.  Uncontrolled fluoride emissions are typically very low for the fuels authorized in the draft permit.

11. Lead Emissions

Proposed Modification

The applicant requests revision of the lead emissions standard from 2.5 x 10-05 to 1.6 x 10-04 lb/MMBtu for bagasse firing, which would be the same as the standard for firing wood material.  This change would result in a single limit for “biomass” fuels and simplify the testing requirements.  The applicant also requests that the emissions standards be “bubbled” over the three cogeneration boilers.

Department Review and Preliminary Determination

Based on actual stack tests, lead emissions range from 3.4 x 10-06 to 2.0 x 10-05 lb/MMBtu for bagasse firing.  (A single high value of 8.4 x 10-05 lb/MMBtu for wood firing occurred with high particulate matter emissions prior to installation of the mechanical dust collectors.)  The test results show high variability between individual units and tests.  The original PSD preconstruction review was based on a bagasse emission rate of 7.7 x 10-04 lb/MMBtu for the existing mill boilers.  Based on this emission rate, an assumed particulate removal efficiency of 90% for the existing wet scrubbers, and a designed particulate removal efficiency of 98% for the for the ESP/dust collectors, the estimated controlled emission rate for bagasse firing from the cogeneration boilers would be 1.5 x 10-04 lb/MMBtu.  This is similar to the requested new emission standard.

The current lead emissions standard for wood firing is 1.6 x 10-04 lb/MMBtu.  Based on actual stack tests, lead emissions from wood firing ranged from 7.97 x 10-06 to 8.4 x 10-05 lb/MMBtu, which is nearly 50% of the current standard for the highest rate.  The Department also notes that the original project did not trigger PSD review for lead emissions [1].  According to the original PSD review, the baseline lead emissions are 0.280 tons per year and the potential lead emissions specified in the original PSD permit were 0.17 tons per year.  This resulted in an expected net emissions decrease of 0.11 tons per year and avoided PSD review.  Based on this information, the Department makes the following preliminary determination.

· All references to coal firing will be removed.

· The lead emission standards will be revised to 1.5 x 10-04 lb/MMBtu for firing any authorized fuel.

The revised standards continue to ensure that the project does not trigger PSD review for lead.  The changes do not relax any requirements for existing control equipment.  Based on the available information, the Department believes each boiler is capable of complying with specified emission standard on an individual basis.

12. Mercury Emissions

Proposed Modification

The applicant requests revision of the mercury emissions standard for wood firing from 4.0 x 10-06 lb/MMBtu to 5.43 E-06 lb/MMBtu and that the standards be “bubbled” over the three cogeneration boilers.  This would be consistent with the mercury limit when firing bagasse, results in a single limit for “biomass” fuels, and simplifies the testing requirements.  The applicant also requests that the requirement to operate the activated carbon injection system be removed due to compliance with the existing mercury emission limits without carbon injection.  The applicant would retain the existing carbon injection system in place in case operation in the future warrants reactivation of the system.

Department Review and Preliminary Determination

Based on nine initial test runs conducted in 1996 when injecting activated carbon, the estimated mercury emission rate averaged:  3.05 x 10-06 lb/MMBtu with an injection rate of 7 lb/hour, 2.06 x 10-06 lb/MMBtu with an injection rate of 16 lb/hour, and 2.84 x 10-06 lb/MMBtu with an injection rate of 23 lb/hour.  The tests were not conclusive with regard to effective mercury control by carbon injection, but did indicate low overall emissions.

Based on nine test runs for bagasse firing conducted in 1999 without activated carbon injection, the mercury emission rate ranged 0.348 x 10-06 lb/MMBtu to 0.616 x 10-06 lb/MMBtu.  Based on nine test runs for wood firing conducted in 1999 without activated carbon injection, the average mercury emission rate ranged from 1.02 x 10-06 lb/MMBtu to 3.28 x 10-06 lb/MMBtu.  In fact, only two of the eighteen test runs when firing either fuel were above the lowest estimated average emission rate when injecting any carbon.  The similar emission rates with and without carbon injection are likely the result of low uncontrolled mercury emissions combined with an already high carbon content in the flue gas that results from combusting biomass.  Because the units could comply with the mercury emission limits without injecting carbon, these systems are not currently in operation.

Mercury emissions when firing bagasse averaged 0.64 x 10-06 lb/MMBtu over the last three years, which is approximately 10% of the requested standard.  The highest individual test for firing bagasse indicated a mercury emission rate of 1.41 x 10-06 lb/MMBtu.  Mercury emissions when firing wood materials averaged 1.15 x 10-06 lb/MMBtu over the last three years, which is approximately 20% of the requested standard.  The highest individual test for wood firing indicated a mercury emission rate of 3.6 x 10-06 lb/MMBtu.

Based on the original PSD application, mercury emissions when firing wood were expected to be about 19 times lower than when firing bagasse.  Actual tests indicate that mercury emissions when firing wood are nearly two times higher than when firing bagasse.  The mercury limit in original permit was 8.4 x 10-06 lb/MMBtu for coal firing.  The emission factors for both bagasse and oil firing were based on a 30% reduction with the activated carbon injection system.  However, each boiler has been able to comply with the mercury limits without injecting activated carbon.  In addition, original permit Condition No. 25 of the permit states, “The [fuel management] plan shall include mercury emission factors based on stack testing and baseline estimates for the existing Okeelanta facility.” Note that mercury emissions were not subject to an initial BACT determination [1].

Based on the above information, the Department makes the following preliminary determination:

· All references to coal firing will be removed.

· The mercury emission standards will be revised to 5.4 x 10-06 lb/MMBtu for firing any authorized fuel.

· If two or more cogeneration boilers exceed the mercury emission limit, the draft permit requires reactivation of the carbon injection system and specifies actions necessary to identify an effective minimum carbon injection rate to reduce mercury emissions.

The potential mercury emissions from the entire cogeneration plant are approximately 62 pounds per year, which is well below the PSD significant emissions rate of 200 pounds per year.  Annual stack testing is required to determine compliance.  Based on the available information, the Department believes each boiler is capable of complying with specified emission standard on an individual basis.
13. Other Miscellaneous Changes

Proposed Modification

The applicant also requests the following additional changes:  remove annual testing requirements for CO, NOx, SO2, and visible emissions because compliance for these pollutants is based on continuous monitoring systems; remove the annual testing requirements for beryllium and fluorides because coal firing is being removed; remove the annual testing requirements for arsenic, copper, and chromium be removed because there are no related emissions “standards” for these pollutants; remove the requirement to conduct PM10 testing because the PM and PM10 standards are identical; specify that EPA Method 29 may also be used for testing lead and mercury emissions; revise the conditions covering startup, shutdown and malfunctions to allow for up to six hours for a cold startup, three hours for a warm startup, two hours for a shutdown, and two hours for a malfunction; and up to four 6-minute periods of opacity in excess of the standard due to soot blowing.

Department Review and Preliminary Determination

The Department agrees with the applicant’s requests, subject to the following conditions:

· All of the requirements regarding coal firing will be removed.

· The permit will be revised to make it clear that compliance with the CO, NOx, and SO2 emissions standards will be based on CEMS data.

· The permit will be revised to make it clear that the permittee would demonstrate compliance with the opacity limit based on COMS data, but that EPA Method 9 observations could also be used.  This provides a method for the Compliance Authority to verify visible emissions as well as an alternate method in case of a monitor malfunction.

· The testing requirements for arsenic, copper, and chromium emissions will be removed because there are no emissions standards for these pollutants.  However, the permit does contain acceptance criteria for these contaminants in the wood materials to be fired as fuel.  The draft permit will include more specific requirements for sampling and analyzing the as-fired biomass fuel.

· Based on limited test data, PM10 emissions appear to be approximately 70% of total filterable particulate emissions.  Because the emissions standard for PM10 emissions is the same as the filterable particulate matter emissions, the requirement to conduct PM10 tests will be removed.  A requirement will be added to report all particulate matter emissions as PM10.

· EPA Method 29, the EPA-approved test method for multiple metals, will be added to the allowable test methods for lead and mercury in addition to EPA Methods 12 and 101A, respectively.

· The conditions covering periods of startup, shutdown and malfunction will be revised.  Definitions were added for startup, warm startup, cold startup, shutdown, and malfunction.  For CO and NOx emissions, the following periods of data may be excluded in a 24-hour period from the compliance determinations:  six hours due to cold startup, three hours due to warm startup, two hours due to shutdown, and two hours due to malfunction.  In addition, the amount of excluded data was limited to no more than 183 hours in any calendar quarter (an average of two hours per day).  No SO2 CEMS data may be excluded.

· The conditions regarding opacity will be revised as follows: natural gas or distillate oil shall be fired during startup prior to energizing the ESP; the ESP shall be placed on line once the recommended operational temperature has been maintained; the ESP shall be on line and functioning properly before firing any biomass; the opacity standard does not apply when the ESP is offline during startup or shutdown; up to two hours of COMS data in a 24-hour period may be excluded due to malfunction if documented within one working day of occurrence.  No COMS data may be excluded due to soot blowing because this conflicts with the NSPS requirements.

14. Air Quality Modeling

Project Summary

The applicant predicts that the proposed project could result in increased actual emissions of CO and SO2 at levels exceeding the PSD significant emission rates.  SO2 is a criteria pollutant with defined national and state ambient air quality standards (AAQS), PSD Class I/II significant impact levels, and PSD Class I/II increments.  CO is a criteria pollutant with only AAQS and PSD Class II significant impact levels defined for it.  The applicant’s initial impact analysis predicted that ambient concentrations of CO and SO2 could be above the significant impact levels.  Therefore, the following additional analyses were required.

· An AAQS analysis for CO and SO2;

· A PSD Class I/II increment analysis for SO2;

· An analysis of impacts on soils, vegetation, visibility and of growth-related air quality modeling impacts.

Based on the applicant’s initial screening analysis, the predicted ambient CO and SO2 concentrations did not exceed the de minimis ambient impacts listed in Table 62-212.400-4, F.A.C.  Therefore, preconstruction ambient monitoring is not required and existing representative ambient monitoring data was used in the additional air quality analyses.  The applicant’s AAQS analysis predicted ambient levels of CO and SO2 well below the Ambient Air Quality Standards.  The applicant’s Class II increment analysis for SO2 predicted ambient concentrations well below the increments defined for PSD Class II areas in the vicinity of the project.  The nearest Class I area is the Everglades National Park which is located approximately 92 km south of the project site.  The applicant’s Class I increment analysis for SO2 predicted ambient concentrations below the PSD Class I increments defined for national parks and wildlife areas.

Based on the required analyses, the Department has reasonable assurance that the proposed project, as described in this report and subject to the proposed draft permit conditions, will not cause or significantly contribute to a violation of any AAQS or PSD increment.  However, the following EPA-directed stack height language is included:  “In approving this permit, the Department has determined that the application complies with the applicable provisions of the stack height regulations as revised by EPA on July 8, 1985 (50 FR 27892).  Portions of the regulations have been remanded by a panel of the U.S. Court of Appeals for the D.C. Circuit in NRDC v. Thomas, 838 F. 2d 1224 (D.C. Cir. 1988).  Consequently, this permit may be subject to modification if and when EPA revises the regulation in response to the court decision.  This may result in revised emission limitations or may affect other actions taken by the source owners or operators.”  A discussion of the required analyses follows.

ISCST3 Air Dispersion Model

The EPA-approved Industrial Source Complex Short-Term (ISCST3) dispersion model was used to evaluate the predicted ambient pollutant impacts from the proposed project and other existing major facilities.  The model determines ground-level ambient concentrations of inert gases or small particles emitted into the atmosphere by point, area, and volume sources.  The model incorporates elements for plume rise, transport by the mean wind, Gaussian dispersion, and pollutant removal mechanisms such as deposition.  The ISCST3 model allows for the separation of sources, building wake downwash, and various other input and output features.  A series of specific model features, recommended by the EPA, are referred to as the regulatory options.  The applicant used the EPA recommended regulatory options in each modeling scenario.  Direction-specific downwash parameters were used for all sources for which downwash was considered.  The stacks associated with this project will not exceed the good engineering practice (GEP) stack height criteria.

Meteorological data used in the ISCST3 model consisted of a concurrent 5-year period of hourly surface weather observations and twice-daily upper air soundings from the National Weather Service (NWS) station at West Palm Beach, Florida.  The 5-year period of meteorological data was from 1987 through 1991.  This NWS station was selected for use in the study because it is the closest primary weather station to the study area and is most representative of the project site.  The surface observations included wind direction, wind speed, temperature, cloud cover, and cloud ceiling.

CALPUFF Air Dispersion Model

A long-range transport model was required to evaluate impacts to the Everglades National Park (ENP) because this designated Class I area is greater than 50 km from the proposed project.  The applicant used the California Puff (CALPUFF) dispersion model to evaluate potential impacts to the nearest PSD Class I area with regard to the significant impact analysis, PSD increment analysis, and regional haze.  CALPUFF is a non-steady state, Lagrangian, long-range transport model that incorporates Gaussian puff dispersion algorithms.  The model predicts ambient concentrations of inert gases or small particles emitted into the atmosphere by point, line, area, and volume sources.  The CALPUFF model has the capability to treat time-varying sources.  It is also suitable for modeling domains from tens of meters to hundreds of kilometers, and has mechanisms to handle rough or complex terrain situations.  Finally, the CALPUFF model is applicable for inert pollutants as well as pollutants that are subject to linear removal and chemical conversion mechanisms.

Meteorological data was processed by the California Meteorological (CALMET) model for use in the CALPUFF air dispersion model.  The CALMET model utilizes data from multiple meteorological stations and produces a three-dimensional modeling grid domain of hourly temperature and wind fields.  The wind field is enhanced by the use of terrain data, which is also input into the model.  Two-dimensional fields such as mixing heights, dispersion properties, and surface characteristics are produced by the CALMET model as well.  For this project, the CALMET model produced a rectangular modeling domain that is approximately 470 km (N-S) by 450 km (E-W).  The southwest corner is the origin of the modeling domain and is located at 23.8° north latitude and 83.5° west longitude.  This modeling domain was produced by using 1990 meteorological data from 3 sea surface, 3 upper air, 8 land surface, and 23 precipitation stations located throughout Florida and adjacent waters.

Significant Impact Analysis

Initially, the applicant conducts modeling using only the proposed project's emissions changes.  If this modeling shows significant impacts, further modeling is required to determine the project’s impacts on the AAQS or PSD increments.  For determining these impacts a combination of polar and rectangular receptors were located along the fenced and/or controlled access property line and out to 30 km from the cogeneration boilers, which are located in a PSD Class II area.  In addition, 126 discrete receptors were located in the ENP, which is designated as a PSD Class I area.  For each pollutant subject to PSD and also subject to PSD increment and/or AAQS analyses, this modeling compares maximum predicted impacts due to the project with PSD significant impact levels to determine whether or not the project could result in a significant impact to a PSD Class II area (area in the vicinity of the facility) or a PSD Class I area (designated national parks or wildlife areas).  If the maximum predicted impact from a project is less than the corresponding significant impact level, the project is said to have an insignificant impact and further analysis is not required.  If a project is determined to have a significant impact, a full impact analysis is required to evaluate not only the impact from the project, but also other nearby major sources and area background concentrations.  Ambient impacts predicted by the full impact analysis must meet all applicable AAQS and PSD increments for each pollutant exceeding the PSD significant impact level.

Using the ISCST3 air dispersion model described above, the applicant performed a PSD Class II significant impact analysis for CO and SO2.  The following table summarizes the results of this modeling, including the predicted radius of significant impact, if applicable.

Table 14A.  Results of Significant Impact Analysis for PSD Class II Areas (Vicinity of Project)

	Pollutant
	Averaging

Period
	Maximum

Predicted Impacts

(µg/m3)
	Significant

Impact Levels

(µg/m3)
	Significant

Impact?
	Radius of

Significant Impact

(km)

	CO
	1-hr
	2580
	2000
	Yes
	6

	
	8-hr
	150
	500
	No
	

	SO2
	3-hour
	13
	25
	No
	

	
	24-hour
	9
	5
	Yes
	10

	
	Annual
	0.2
	1
	No
	


Using the CALPUFF dispersion model described above, the applicant performed a PSD Class I significant impact analysis for SO2.  The following summary table shows the results of this modeling.

Table 14B.  Results of Significant Impact Analysis for PSD Class I Areas (ENP)

	Pollutant
	Averaging

Period
	Maximum

Predicted Impacts

(µg/m3)
	EPA Significant

Impact Levels

(µg/m3)
	Significant

Impact?

	SO2
	3-hour
	0.6
	1.0
	No

	
	24-hour
	0.3
	0.2
	Yes

	
	Annual
	0.0
	0.1
	No


As shown in the tables, the project is significant for both CO and SO2.  Therefore, the following additional analyses are required: an AAQS analysis for CO and SO2; a PSD Class II increment analysis for SO2; and a PSD Class I increment analysis for SO2.
Analysis of Existing Air Quality

Preconstruction ambient air quality monitoring is required for all pollutants subject to PSD review unless exempt or otherwise satisfied by existing data.  The preconstruction ambient monitoring data is used to establish an existing ambient background concentration, which can be used further air quality modeling analyses.  Based on air quality modeling, the project may be exempt from the preconstruction monitoring if the resulting maximum ambient impact level is less than the de minimis concentration listed in Table 62-212.400-3, F.A.C.  Also, the Department may approve existing ambient monitoring data that is believed to be representative of the area.

Using the ISCST3 air dispersion model, the applicant performed an air quality analysis to determine predicted impacts for comparison to the preconstruction monitoring de minimis impact levels.  The following table shows that the predicted impacts from the project are less than the corresponding de minimis levels; therefore, preconstruction ambient air quality monitoring is not required for any pollutant.

Table 14C.  Maximum Predicted Air Quality Impacts Compared to De Minimis Ambient Impact Levels

	Pollutant
	Averaging

Time
	Maximum Predicted

Impact ((g/m3)
	De Minimis

Level ((g/m3)
	Impact Greater Than De Minimis?

	CO
	8-hour
	150
	575
	No

	SO2
	24-hour
	9
	13
	No


AAQS Analysis

Using the ISCST3 model, the applicant performed a full impact modeling analysis to determine impacts of all sources in the vicinity of the project for comparison to the Ambient Air Quality Standards (AAQS).  Receptors were placed along the property boundary and out to 10 km for SO2and 6 km for CO (each pollutant’s respective radius of significant impact).  Background concentrations were established from data collected at representative SO2and CO monitors located in the area.  These background concentrations take into account all sources of a particular pollutant that are not explicitly modeled.  Because five years of data are used in the modeling analysis, the highest-second-high (HSH) short-term predicted concentrations were compared to the corresponding AAQS.  For an annual average, the highest predicted yearly average was compared to the standard.  The following table summarizes the results of this analysis.

Table 14D.  Results of AAQS Impact Analysis

	Pollutant
	Averaging

Period
	Modeled

Sources

(µg/m3)
	Background

Concentration

(µg/m3)
	Total

Concentration

(µg/m3)
	Florida

AAQS

(µg/m3)
	Total Impact

Greater Than

AAQS?

	CO
	1-hr
	3100
	4500
	7500
	40,000
	No

	
	8-hr
	800
	3000
	3800
	10,000
	No

	SO2
	3-hour
	248
	201
	47
	1300
	No

	
	24-hour
	76
	63
	13
	260
	No

	
	Annual
	16
	11
	5
	60
	No


As shown, the predicted maximum ambient concentrations are well below the AAQS.

SO2 Increment Analysis for PSD Class II Area

The SO2 PSD increment represents the amount that new sources in an area may increase ambient ground level concentrations of SO2 from a baseline concentration, which was established in 1977.  Receptors were placed along the property boundary and out to 10 km.  Using the ISCST3 air dispersion model, the applicant performed a full impact modeling analysis to evaluate the SO2 impacts to the area in the vicinity of the project, which is designated as a PSD Class II area.  The emission values that are input into the model for predicting increment consumption are based on maximum potential emissions from increment-consuming facility sources and all other increment-consuming sources in the vicinity of the facility.  Because five years of data are used in modeling analysis, the highest-second-high (HSH) short-term predicted concentration was compared with the corresponding PSD increment.  For an annual average, the highest predicted yearly average was compared to the standard.  The following table summarizes the results of this analysis.

Table 14E.  Results of SO2 Increment Analysis for Class II Areas (Vicinity of Project)

	Pollutant
	Averaging

Period
	Maximum

Predicted Impact

(µg/m3)
	PSD Class II

Increment

(µg/m3)
	Impact Greater 

Than Allowable

Increment?

	SO2
	3-hour
	54
	512
	No

	
	24-hour
	12
	91
	No

	
	Annual
	0
	20
	No


As shown, the predicted maximum ambient impacts are well below the PSD increments defined for the Class II area in the vicinity of the project.

SO2 Increment Analysis for PSD Class I Area

Using the CALPUFF air dispersion model, the applicant performed a full impact modeling analysis to evaluate 24-hour average SO2 impacts to the Everglades National Park, which is the nearest PSD Class I area.  The highest short-term predicted concentration was compared to the respective PSD increment.  The following table summarizes the results of this analysis.

Table 14F.  Results of SO2 Increment Analysis for Nearest PSD Class I Area (Everglades National Park)

	Pollutant
	Averaging

Period
	Maximum

Predicted Impact

(µg/m3)
	PSD Class II

Increment

(µg/m3)

	SO2
	24-hour
	3.5
	5


As shown, the predicted maximum ambient impact is well below the PSD increment defined for the Class I area.

Additional Impacts Analysis:  Soils, Vegetation, Wildlife, and Visibility

The maximum ambient CO and SO2 concentrations due to project impacts and other nearby sources are predicted to be well below the corresponding Ambient Air Quality Standards (AAQS).  The AAQS are designed to protect both the public health and welfare.  As such, this project is not expected to have a harmful impact on soils and vegetation in the PSD Class II area.

Using the CALPUFF air dispersion model, the applicant performed a regional haze analysis for the Everglades National Park PSD Class I area.  The model predicted a 24-hour visibility degradation of 1.38% due to the project, which is below the criteria level of 5%.  The conclusion is that the project will not adversely impact the background visibility at the Everglades National Park.  No significant impacts to the air quality related values (AQRV) in the Everglades National Park are expected due to this project.

Air Quality Impacts Related to Growth Due to the Project

There will be no growth associated with this project because it involves the modification of an existing operation.

15. Preliminary Determination

Although not required, the Department offers the following information to show that the proposed changes do not adversely affect the original PSD applicability review for the cogeneration plant.  The following table summarizes the original baseline emissions, the proposed new potential emissions, and the resulting PSD applicability.  Again, this information is provided only for comparison purposes and is not required.

Table 13A.  Comparison of PSD Applicability - Original Project to Proposed Revision

	Pollutant
	Baseline1
TPY
	PTE by PSD Permit2
	Net Emissions Change 3
	PSD SER

TPY
	Retroactive PSD? 4

	
	
	Original, TPY
	Revised, TPY
	Original, TPY
	Revised, TPY
	
	Original
	Revised

	CO
	10388.0
	2012.5
	2012.5
	-8376
	-8376
	100
	No
	No

	SO2
	748.3
	1154.3
	345.0
	+406
	-403
	40
	Yes
	No

	Lead
	0.280
	0.17
	0.863
	-0.11
	+0.583
	0.600
	No
	No

	Mercury
	0.026
	0.0300
	0.031
	+0.004
	+0.005
	0.100
	No
	No

	Fluorides
	0.04
	21.2
	4.03
	+21
	+3.99
	3
	Yes 5
	Yes 5

	SAM
	22.40
	34.6
	20.7
	+12
	-1.7
	7
	Yes
	No


Notes:

1. Baseline emissions represent actual annual emissions from the original sugar mill boilers.

2. The annual potential to emit (PTE) in tons per year (TPY) is based on the original PSD permit issued in 1993 and the revised permit for the currently proposed project.

3. The net emissions change is the difference between the potential permitted emissions and the baseline emissions.  Beryllium is omitted from the table because it is no longer a PSD pollutant.

4. This represents the PSD applicability for the original project and a “retro-active” PSD applicability based on the proposed revisions.

5. Stack testing indicates that fluoride emissions when firing bagasse are higher than originally believed, which would result is higher baseline fluoride emissions.  Therefore, it is possible that neither the original project nor the currently proposed project would be subject to PSD.

As indicated in the table above, the original project was subject to PSD for emissions of sulfuric acid mist, sulfur dioxide, beryllium, and fluorides.  Beryllium is no longer a PSD pollutant.  If the revised PSD permit were proposed in 1993, it would have been subject to PSD only potentially for fluorides.  This is because the project would avoid PSD through netting, which would show emissions reductions for sulfur dioxide and sulfuric acid mist without coal firing.

Due to the difficulties with equipment problems during construction, the extended shakedown period, initial operation, and the lawsuit previously discussed, the cogeneration plant only recently surpassed 24 months of continual commercial operation.  During the initial period of operation, the boilers did not perform as designed and the operators were forced to re-define the performance curve for each cogeneration boiler.  In addition, more detailed information was compiled regarding the actual biomass fuels being fired.  Some of this information indicates that inaccurate assumptions were made in the initial permit application for fuel contaminants such as sulfur, lead, mercury, and fluorides.  In addition, it is noted that the original project was subject to PSD review for sulfur dioxides, sulfuric acid mist, beryllium, and fluorides due to the coal firing capabilities requested.  Because no coal handling facilities have ever been installed and coal has never been fired, coal is being removed as an authorized fuel.  The Department did consider the numerous difficulties and better available information in the review of the applicant’s requests.  The performance of the cogeneration boilers, as well as the biomass fuels, is now well defined for this plant.

The Department makes a preliminary determination that the proposed project will comply with all applicable state and federal air pollution regulations as conditioned by the draft permit.  This determination is based on a technical review of the complete PSD application, reasonable assurances provided by the applicant, the draft determinations of Best Available Control Technology (BACT), review of the Air Quality Analysis, and the revised specific conditions of the draft permit.  Cleve Holladay is the project meteorologist responsible for reviewing and validating the Air Quality Analysis for the project.  Jeff Koerner is the project engineer responsible for reviewing the application, recommending the BACT determinations, and drafting the permit.  Additional details of this analysis may be obtained by contacting the project engineer at the Department’s Bureau of Air Regulation at Mail Station #5505, 2600 Blair Stone Road, Tallahassee, Florida  32399-2400.
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Attachment A.  Permitting History Through October 2001

Air Permit No. PSD-FL-196:  Department issued original PSD permit on 09/27/93.

Project No. 0990332-001-AC (PSD-FL-196A):  OkCP requested a limit on yard trash of 30% by weight to avoid most of the applicable requirements of 40 CFR 60, Subpart Ea.  Department issued modification on 02/20/96, which added specific condition 12A.

Project No. 0990332-002-AC (PSD-FL-196B):  OkCP requested an extension of time for the simultaneous operation of the cogeneration boilers with the sugar mill boilers in order to perfect the steam interconnection.  Department issued modification on 06/14/96.  Specific condition nos. 17 and 18 were revised to extend simultaneous operation beyond the first year of commercial startup of the cogeneration boilers to April 1, 1997.  The permit required the sugar mill boilers to be rendered incapable of operation no later than January 1, 1999.

Project No. 0990332-003-AC (PSD-FL-196C):  OkCP requested approval to fire tire-derived fuel.  Department issued modification on 01/22/97 to allow for a demonstration period to collect emissions data.

Project No. 0990332-004-AC (PSD-FL-196D):  OkCP requested a revision to the emission standard and testing requirements for sulfuric acid mist.  Department issued modification on 04/18/97, which retained the emission standard, but revised the test method to 8 (modified).

Project No. 0990332-005-AC (PSD-FL-196E):  OkCP requested an extension of time for the simultaneous operation of the cogeneration boilers with the sugar mill boilers in order to perfect the steam interconnection.  Department issued modification on 04/05/97.  Specific condition nos. 17 and 18 were revised to extend simultaneous operation to April 1, 1998.  The permit required the sugar mill boilers to be rendered incapable of operation no later than January 1, 1999.

Project No. 0990332-006-AC (PSD-FL-196F):  OkCP requested a modification of the emissions standards for carbon monoxide, lead, and mercury.  Department issued modification on 10/24/97.  

Project No. 0990332-007-AC (PSD-FL-196G):  OkCP requested amendment to specific condition #11 to clarify the performance test schedule.  Department issued modification on 05/08/97.  

Project No. 0990332-008-AC (PSD-FL-196H):  OkCP requested a revision to the 24-hour rolling average for determining peak electrical generation.  Application was withdrawn on 02/03/97.

Project No. 0990332-009-AC (PSD-FL-196I):  OkCP requested an extension of time for the simultaneous operation of the cogeneration boilers with the sugar mill boilers in order to provide additional time to ensure that the interconnections (bagasse fuel and steam systems) were commercially and operationally reliable.  Department issued modification on 06/16/98.  Specific condition nos. 17 and 18 were revised to extend simultaneous operation to April 1, 2000.  The permit required the sugar mill boilers to be rendered incapable of operation no later than April 1, 2001.

Project No. 0990332-010-AC (PSD-FL-196J):  OkCP requested a revision to the CO emissions standard.  Department issued modification of the CO averaging period on 06/24/99.

Project No. 0990332-011-AC (PSD-FL-196K):  OkCP requested a modification to extend operation of Okeelanta Corporation’s sugar mill boilers as standby units for the cogeneration boilers due to litigation with FPL.  Department issued modification on 11/06/00.

Project No. 0990332-012-AC:  OkCP requested approval to install particulate dust collectors prior to the electrostatic precipitators.  Department issued approval letter on 12/22/99.  Approval incorporated into modification PSD-FL-196K.

Project No. 0990332-013-AC (PSD-FL-196L):  OkCP requested to add natural gas as a supplemental fuel to the biomass boilers.  Department issued Final Permit in January 2001.

Project No. 0990332-014-AC (PSD-FL-196M):  OkCP requested modification of the CO and SO2 emissions standards.  This is the current project under review.

Project No. 0990332-015-AC (PSD-FL-196N):  OkCP requested modification to change restriction from 74.9 “Gross” MW Output to 74.9 “Net” MW Output.  Department issued Final Permit in May 2001.

Attachment B.  BACT for Similar Sources from the EPA RACT/BACT/LAER Clearinghouse

	RBLC ID
	Date
	Facility Name
	Boiler Type/Fuel
	MMBtu/hour
	CO, lb/MMBTU
	SO2, lb/MMBtu
	Add-On Controls Equipment

	AL-0047
	1990
	Alabama River Pulp, Co.
	wood
	266
	0.3
	0.3
	None

	AL-0099
	1997
	Mead Container Board
	wood, sludge
	622
	0.4
	0.02
	None

	CT-0007
	> 1991
	Bio-Gen Tarrington Partnership
	wood
	208.5
	0.29
	0.10
	None

	LA-0074
	1991
	Willamette Industries, Inc.
	wood
	940
	0.30
	0.008
	None

	ME-0013
	1991
	Beaver-Livermore Falls
	Wood, stoker
	533.6
	0.30
	0.023
	None

	MI-0139
	1989
	Hillman Limited Partners
	wood
	300
	0.35
	0.018
	None

	MI-0147
	1991
	Cogeneration Michigan, Inc.
	wood
	293
	0.35
	0.017
	SNCR

	MI-0151
	1990
	Grayling Generating Station L.P.
	wood
	450/523
	0.40
	ND
	SNCR

	MI-0180
	1992
	Cogeneration Michigan, Ass.
	wood
	523
	0.40
	ND
	SNCR

	MT-0005
	1995
	Plum Creek Mfg. – Columbia Falls
	wood
	292.4
	1.6
	ND
	None

	MT-0007
	1997
	Plum Creek Mfg. - Evergreen
	hogged wood
	225
	2.25
	ND
	None

	NH-0003
	1990
	Pinetree Power, Inc. - Bethlehem
	wood
	289
	0.50
	ND
	None

	NH-0004
	1990
	Pinetree Power, Inc. Tamworth
	wood
	404
	0.50
	ND
	None

	NY-0055
	1994
	KES Chateauguay Project
	wood
	275
	0.35
	0.03
	Low sulfur fuels

	VA-0183
	1992
	Mulitrade Limited Partnership
	wood
	373.7
	0.35
	0.016
	SNCR

	VT-0004
	1990
	Ryegate Wood Energy Co.
	wood
	300
	0.30
	ND
	SNCR

	WA-0276
	1993
	Scott Paper Company
	wood
	718
	0.50
	0.097, 365-day rolling avg.
	SNCR


	Summary of CO Standards
	Summary of SO2 Standards

	0.290
	  =  minimum standard
	0.008
	  =  minimum standard

	2.250
	  =  maximum standard
	0.300
	  =  maximum standard

	0.555
	  =  average of standards
	0.060
	  =  average of standards

	1.730
	  =  95th percentile
	0.210
	  =  95th percentile

	0.35
	  =  median of standards
	0.022
	  =  median of standards


