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This document describes the overall project, summarizes PSD applicability, and makes a preliminary determination.  It is organized in the following sections:
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1.0  APPLICATION INFORMATION

1.1
Applicant Name and Address
Okeelanta Power Limited Partnership

P.O. Box 9

South Bay, FL  33493

Authorized Representative:

Mr. Gus Cepero

1.2
Processing Schedule
06/20/00
Department received a request to add natural gas as a supplemental fuel.

07/14/00
Department requested additional information.

07/19/00
Department met with applicant in Tallahassee to discuss requested additional information.

09/18/00
Department received additional information.

10/10/00
Department requested additional information.

11/20/00
Department received additional information; application complete.

1.3
Facility Description and Location
Okeelanta Power Limited Partnership operates a cogeneration plant consisting of three biomass-fired steam boilers with electrical generators designed to produce up to a total of 74.9 MW of electrical power.  The plant is located near the city of South Bay in western Palm Beach County, an area that is in attainment (or designated as unclassifiable) for all air pollutants subject to a National Ambient Air Quality Standard (NAAQS).  The UTM coordinates are Zone 17, 524.1 km E, 2940.1 km N.

1.4
Standard Industrial Classification Code (SIC)
Industry Group No. 49, Electric, Gas, and Sanitary Services

Industry No. 4911, Electric Services

1.5
Regulatory Categories
HAPs:  Based on available data, the facility is believed to be a major source of hazardous air pollutants (Title III).

Acid Rain:  Based on the initial Title V application, the facility is not subject to the acid rain provisions of the Clean Air Act (Title IV).

Title V Major Source:  The facility is a Title V major source of air pollution because potential emissions of at least one regulated pollutant exceed 100 tons per year.  Regulated pollutants include pollutants such as carbon monoxide (CO), nitrogen oxides (NOx), particulate matter (PM/PM10), sulfur dioxide (SO2), and volatile organic compounds (VOC).

PSD Major Source:  The facility is located in an area that is in attainment with, or designated as unclassifiable for, each pollutant subject to a National Ambient Air Quality Standard.  It is classified as a fossil fuel-fired steam electric plant, which is one of the industries listed as one of the 28 PSD Major Facility Categories identified in Table 62-212.400-1, F.A.C.  Emissions from the facility are greater than 100 tons per year for at least one regulated pollutant.  Therefore, the facility is “major” with respect to Rule 62-212.400, F.A.C. for the Prevention of Significant Deterioration (PSD) of Air Quality.  Therefore, each new project requires a PSD applicability review.  Modifications resulting in actual emissions increases greater than the PSD Significant Emissions Rates specified in Table 62-212.400-2, F.A.C. require a determination of Best Available Control Technology (BACT) for each significant increase.

NSPS Sources:  The existing units remain subject to the New Source Performance Standards in 40 CFR 60 for the fossil fuel fired steam generating units (Subpart Da).  The addition of natural gas, a fuel regulated by NSPS Subpart Da, will trigger additional minor requirements of this subpart.

2.0  Proposed Project

The applicant, Okeelanta Power Limited Partnership, proposes to add natural gas as a supplemental fuel for each of the existing cogeneration boilers.  The cogeneration boilers are currently permitted to fire up to a total of 11,500,000 mmBTU per year of wood materials, bagasse, and low sulfur distillate oil.  Fossil fuel firing is limited to 25% of the total permitted heat input on a calendar quarter basis.  Specifically, Okeelanta Power L.P. requests the ability to fire up to 605 mmBTU per hour of natural gas in each cogeneration boiler to achieve the maximum steam production rate.  Okeelanta Power L.P. intends to use limited amounts of natural gas to enhance combustion of the primary biomass fuels and full natural gas firing to provide continued operation through infrequent interruptions of the biomass and ash handling systems.  On an annual fuel balance basis, natural gas would displace distillate oil and then wood materials.  The addition of natural gas is expected to reduce maintenance and increase reliability and availability of the units.

Based on operating experience, Okeelanta Power L.P. reports that the cogeneration boilers must reduce load or completely shutdown for 50-60 hours each year due to problems with the biomass fuel feed system and the ash removal system.  Due to limited capacity, time constraints, and cost considerations, distillate oil has not been an effective response to such interruptions.  Natural gas could provide both an effective operational and economical response during these infrequent periods to maintain steam and electrical production.  The applicant believes that hourly and annual emissions will be reduced as a result of firing natural gas and that the project may represent a pollution control project.

Physically, the project involves installation of four low-NOx natural gas burners in each corner of each cogeneration boiler and the associated equipment including piping.  The four burners will have a total heat input rate of 605 mmBTU per hour and a NOx emission rate of less than 0.15 lb/mmBTU.  When firing natural gas, hourly emissions of carbon monoxide, particulate matter, sulfur dioxide, and volatile organic compounds are expected to decrease.  Hourly emissions of nitrogen oxides for some gas burners could be expected to increase.  However, each cogeneration boiler currently injects urea to control NOx emissions just below the permit limit of 0.15 lb/mmBTU.  Therefore, hourly emissions of nitrogen oxides are not expected to increase either.

The applicant also claims that the biomass boilers are “electric utility steam generating units” as defined in Rule 62-2120.200(109), F.A.C. and should be able to project the “representative actual annual emissions” in accordance with Rule 62-210.200(12)(d), F.A.C.  The applicant notes that the Department has made similar determinations for some waste-to-energy facilities.

3.0 Emissions

Pipeline-quality natural gas contains only trace amounts of ash, sulfur, and other contaminants.  The Department compared short term emissions from natural gas combustion to actual and allowable emissions from the biomass boilers.  The results are summarized in the following Table 3.0a.  It appears that firing natural gas in the cogeneration boilers should not result in hourly emission increases for any regulated pollutant including carbon monoxide, lead, mercury, nitrogen oxides, particulate matter, sulfuric acid mist, sulfur dioxide, or volatile organic compounds.  Hourly emission rates are discussed further in Section 5.0 with regard to NSPS applicability.

Table 3.0a  Summary of Short Term Emission Factors

Pollutant
Emission Factor, lb/mmBTU


Natural Gas 1
Past Actual
Permit Limit 3

CO 2
0.08
0.29
0.35

Hg
2.5 E-07
-------
54.3 E-07, Bagasse

40.0 E-07, Wood

24.0 E-07, Oil

NOx 2
0.14
0.14
0.15

Pb
4.8 E-07
-------
250.0 E-07, Bagasse

16,000.0 E-07, Wood

8.9 E-07, Oil

PM
7.3 E-03
-------
30.0 E-03

SAM
8.7 E-05
-------
300.0 E-05, Biomass

150.0 E-05, Oil

SO2 2
5.8 E-04
320 E-04
1000 E-04, Biomass

500.0 E-04, Oil

VOC 2
5.3 E-03
8.2 E-03
60.0 E-03

1
Based on AP-42, Section 1.4, “Natural Gas Combustion, External Combustion Sources”.

2
Past actual emissions based on CEMS data for CO, NOx, and SO2 and emissions performance tests for VOC.
3
Limits in Permit No. PSD-FL-196; biomass/oil.
Annual emissions could increase as a result of this project due to increased reliability and availability of the cogeneration boilers.  However, the cogeneration plant has operated at nearly 94% of the permitted heat input rate over the last 18 months of continuous operation.  So, any increase in annual emissions resulting from increased utilization of the cogeneration boilers would be almost negligible for all of the pollutants except carbon monoxide, nitrogen oxides, and volatile organic compounds.  Therefore, to simplify the review, only annual emissions of CO, NOx, and VOC will be reviewed in detail.

This project would clearly trigger PSD for CO, NOx, and VOC if the future potential emissions were compared to past actual emissions because the units are operating well below the permitted levels.  However, the addition of natural gas as a supplemental fuel, in isolation from other unrelated causes, is not likely to generate such levels of annual emissions increases.  For this project, annual emissions increases would more likely result from the increased reliability and availability of the units.  For purposes of demonstrating the possible impacts related to the increased availability, the Department estimated emissions increases based on the full permitted heat input and assuming that average emissions rates remained constant.  The results are provided in the following Table 3.0b.  As shown, it is estimated that the proposed project could trigger PSD for CO and NOx emissions simply due to increased availability.  It is unlikely that the project would trigger PSD for PM, SO2, or VOC emissions due to increased availability.

Table 3.0b  Summary of Past Actual and Estimated Future Potential Emissions
Actual Operating Data for the Period of April 1999 through March 2000

Boiler
Operating

Hours
Heat Input

mmBTU/year
Annual Emissions, Tons Per Year




CO 1
NOx 1
PM/PM10 2
SO2 1
VOC 2

A
7265
3,824,398
478.34
272.22
395.6
47.11
12.1

B
5927
3,206,304
485.29
220.20
161.2
38.32
19.6

C
6978
3,694,714
562.44
261.14
560.0
47.80
12.5

Total
20,170
10,725,416
1526.07
753.56
1116.8
133.23
44.2

Limits in Permit No. PSD-FL-196

----
8760 per unit
11,500,000
2012.5
862.5
172.5
287.5 4
345.0

PSD Significant Emission Rates

----
----
----
100
40
25/15
40
40

Estimated Emissions Increases 3

----
----
----
110.2
54.4
0.0 2
9.62
3.2

Will Increased Availability Trigger PSD?
Yes
Yes
No
No
No

1
Based on actual CEMS data for CO, NOx, and SO2 emissions.

2
Based on annual stack test data and annual heat input rates for PM and VOC emissions.  The plant is under a Consent Order for exceeding the PM limits.  Mechanical dust collectors have been added to remove large PM to make the ESPs more efficient.  PM is not expected to increase as a result of this project.

3
For demonstration purposes only, emissions increases due to the increased availability (774,584 mmBTU/year) were estimated assuming the past actual average emission rates remained constant.

4
Maximum annual SO2 emissions without coal firing.

4.0  PSD Applicability Review

4.1
PSD Applicability Requirements
The Department regulates major air pollution sources in accordance with Florida’s Prevention of Significant Deterioration (PSD) program, as defined in Rule 62-212.400, F.A.C. and approved by EPA in the State Implementation Plan.  A PSD review is only required in areas that are currently in attainment with the National Ambient Air Quality Standard (AAQS) for a given pollutant or areas designated as “unclassifiable” for the pollutant.  A new facility is considered “major” with respect to PSD if the facility emits or has the potential to emit:

· 250 tons per year or more of any regulated air pollutant, or

· 100 tons per year or more of any regulated air pollutant and the facility belongs to one of the 28 Major Facility Categories (Table 62-212.400-1, F.A.C.), or

· 5 tons per year of lead.

For new projects at PSD-major sources, each regulated pollutant is reviewed for PSD applicability based on emissions thresholds known as the Significant Emission Rates listed in Table 62-212.400-2, F.A.C.  Pollutant emissions from the project exceeding these rates are considered “significant” and the applicant must employ the Best Available Control Technology (BACT) to minimize emissions of each such pollutant.  Although a facility may be “major” with respect to PSD for only one regulated pollutant, it may be required to install BACT controls for several “significant” regulated pollutants.

4.2
Available Information
In addition to the information submitted by the applicant, the Department also relied on the following information to make its determination:

· Definition of actual emissions in Rule 62-210.200(12), F.A.C.;

· Definition of electric utility steam generating unit in Rules 62-210.200(109), F.A.C.;

· Definition of representative actual annual emissions in 40 CFR 52.21(b)(33);

· Comments received from the Palm Beach County Health Department regarding a comparison of the past actual to future potential annual emissions and the potential applicability of NSPS Subpart Da;

· Pollution control project for the Hillsborough County Solid Waste Energy Facility, PSD-FL-121B; and

· Pinellas County Resource Recovery Facility’s Capital Replacement Project (Project No. 1030117-003-AC, Permit Nos. PSD-FL-011B & PSD-FL-098B)

4.3
PSD Applicability for Proposed Project
The stated purpose of this project is to increase reliability and availability of the cogeneration boilers as well as reduce maintenance.  Therefore, the Department determines that the addition of natural gas is not a pollution control project because the primary purpose is not to reduce air pollution.  Therefore, the project is not exempt from PSD on this basis.

The applicant also contends that the biomass boilers are “electric utility steam generating units” in accordance with Rules 62-210.200 (12) and (109), F.A.C. See Attachment A for the complete text of these rules. In short, a qualifying unit is a steam generating unit that was constructed for the purpose of:

· Supplying more than one-third of its potential electric output capacity, and

· Supplying more than 25 MW electrical output to any utility power distribution system for sale.

The biomass boilers were constructed to provide steam to the adjacent sugar mill and to produce electrical energy for sale to the power distribution system.  The economic feasibility of the project relied entirely on the sale of electrical power.  The cogeneration biomass boilers support a single steam-electrical generator designed for a maximum electrical production capacity 74.9 MW.  During the off-season for sugarcane processing (typically October through April), the plant supplies all of its potential electric output capacity to the power distribution system.  It appears that the cogeneration plant meets the definition of an electric utility steam generating unit.  For a more detailed analysis of a similar applicability review for electric utility steam generating units, see the Pinellas County Resource Recovery Facility’s Capital Replacement Project (Project No. 1030117-003-AC, Permit Nos. PSD-FL-011B & PSD-FL-098B).

Qualifying as an electric utility steam generating unit is significant because Rule 62-210.200(12)(d), F.A.C. allows such units to project “representative actual annual emissions” (defined in 40 CFR 52.21(b)(33)) in order to determine the net emissions increases after the change.  Again, see Attachment A for complete text of these rules.  Representative actual annual emissions are defined as actual annual emissions of the unit following a physical or operational change representative of normal post-change operations of the unit.  The owner or operator must maintain and annually report information demonstrating that the physical or operational change did not result in a PSD-significant actual emissions increase.  The reports must be submitted for five separate years that are representative of normal post-change operations of the unit, but within at least 10 years following the change.  The Department must consider the effect any such change will have on increasing or decreasing the hourly emissions rate and on the projected capacity utilization.  However, the Department must also exclude any portion of the actual emissions after the change that could have been accommodated by the unit and that is unrelated to the particular change, including increased capacity utilization due to electricity demand growth for the utility system as a whole.

Okeelanta Power L.P. projects that the cogeneration plant is operating near maximum capacity and the addition of natural gas will not cause an emission increases in excess of the PSD Significant Emissions Rates.  The following table summarizes the projections of the future representative actual annual emissions after the addition of natural gas as a supplemental fuel.

Table 4.3a  Projected Future Representative Annual Emissions

Actual Operating Data for the Period of April 1999 through March 2000

All

Boilers
Operating

Hours
Heat Input

mmBTU/year
Annual Emissions, Tons Per Year




CO 1
NOx 1
PM/PM10 2
SO2
VOC 2

Total
20,170
10,725,416
1526.07
753.56
172.50
133.23
44.20

Limits in Permit No. PSD-FL-196

----
8760 per unit
11,500,000
2012.5
862.5
172.5
287.5 3
345.0

PSD Significant Emission Rates

----
----
----
100
40
25/15
40
40

Future Actual Emissions, Above Which May Trigger PSD Review

----
----
----
1626.0
793.5
172.5
173.2
84.2

1
Based on actual CEMS data for CO, NOx, and SO2 emissions.

2
Based on annual stack test data and annual heat input rate.  PM/PM10 emissions based on the permit limit due to the compliance issues.

3
Maximum annual SO2 emissions without coal firing.

As shown in this table, the net emissions increases are predicted to be below the PSD Significant Emissions Rates for each pollutant.  The Department’s previous estimates of the actual emissions in Table 3.0b indicates:

· Based on past actual emission rates, CO, PM/PM10, SO2, and VOC emissions are unlikely to trigger the PSD significant emissions rates even if the full permitted capacity is realized.

· If the full permitted capacity is realized, NOx emissions could trigger the PSD significant emission rate.  However, the biomass boilers have NOx continuous emission monitors and NOx emissions are controlled by the injection of urea (SNCR).  The operator can readily track and adjust NOx emissions accordingly.

· The cogeneration plant has been operated at 94% of permitted capacity during the last 18 months.  Little opportunity exists to increase availability to the full permitted heat input limit.

The Department determines that the applicant’s emissions projections are reasonable.  Based on the comparison of past actual annual emissions to representative future actual annual emissions, PSD does not apply to this project at this time.  However, Okeelanta Power L.P. must provide reports as stated above for five separate years that are representative of normal post-change operations of the unit.  If the reports indicate a PSD-significant emissions increase as a result of the addition of natural gas, the project will be subject to PSD at that time as if the project had never been constructed.

5.0  NSPS Applicability

Based on general information available for new natural gas-fired burners, this project is not expected to result in an increase in emissions of carbon monoxide, lead, mercury, particulate matter, sulfur dioxide, sulfuric acid mist, or volatile organic compounds.  Emissions of nitrogen oxides could increase depending on the burner model selected.  Low-NOx burners are available that can achieve the permitted NOx rate of 0.15 lb/mmBTU.  In addition, the existing NOx control system could compensate by increasing the urea injection rate.  However, natural gas is an NSPS-regulated fuel that was not previously fired.  Therefore, the Department notes the following new applicable NSPS Subpart Da requirements.

· Regulation 40 CFR 60.43a allows for no SO2 reduction when firing a gaseous fuel as long as the SO2  emissions are less than 0.20 lb/mmBTU of heat input.  The Department estimates an SO2 emission rate for firing natural gas of 0.05 lb/mmBTU based on 20 grains of sulfur per 100 SCF of natural gas.  Pipeline-quality natural gas in Florida typically contains less than 1 grains per 100 SCF.

· Regulation 60.43a. (d)(2) limits NOx emissions to 0.15 lb/mmBTU of heat input or less from a gaseous fuel, based on a 30-day rolling average (for any affected facility modified or reconstructed after July 9, 1997).  The Department notes that this is the current NOx emissions limit for each biomass boiler.  Low-NOx burners firing natural gas and the urea injection system are capable of achieving this limit.

6.0  Air Quality Analysis

The proposed project will not result in an increase in any of the maximum hourly or annual emissions rates that were used to develop the original Air Quality Analysis, which was part of the initial PSD permit application.  It is not expected that this project will change any of the previously modeled ambient impacts or conditions.  Therefore, no additional air dispersion modeling was necessary.

7.0  Preliminary Determination

The Department makes a preliminary determination that the proposed project will comply with all applicable state and federal air pollution regulations as conditioned by the Draft Permit.  This determination is based on a technical review of the available information, reasonable assurances provided by the applicant, previous determinations for similar projects, and the conditions specified in the Draft Permit.  The Department notes that the determinations and conclusions made in this evaluation are specific to this project and do not establish any precedents for the sugar industry, related industries, or electric utility steam generating units in general.  These determinations must be made on a case-by-case basis considering each unique set of circumstances.  Jeff Koerner is the project engineer responsible for reviewing the application and drafting the permit.  Additional details of this analysis may be obtained by contacting the project engineer at 850/488-0114 or the Department’s Bureau of Air Regulation at Mail Station #5505, 2600 Blair Stone Road, Tallahassee, Florida  32399-2400.

Attachment A – Applicable Rules

Rule 62-210.200, F.A.C.

(12)
"Actual Emissions" ‑ The actual rate of emission of a pollutant from an emissions unit as determined in accordance with the following provisions:

(a)
In general, actual emissions as of a particular date shall equal the average rate, in tons per year, at which the emissions unit actually emitted the pollutant during a two year period which precedes the particular date and which is representative of the normal operation of the emissions unit.  The Department may allow the use of a different time period upon a determination that it is more representative of the normal operation of the emissions unit.  Actual emissions shall be calculated using the emissions unit's  actual operating hours, production rates and types of materials processed, stored, or combusted during the selected time period.

(b)
The Department may presume that unit-specific  allowable emissions for an emissions unit are equivalent to the actual emissions of the emissions unit provided that, for any regulated air pollutant, such unit‑specific  allowable emissions limits are federally enforceable.

(c)
For any emissions unit (other than an electric utility steam generating unit specified in subparagraph (d) of this definition) which has not begun normal operations  on a particular date, actual emissions shall equal the potential emissions of the emissions unit on that date.

(d) For an electric utility steam generating unit (other than a new unit or the replacement of an existing unit) actual emissions of the unit following a physical or operational change shall equal the representative actual annual emissions of the unit following the physical or operational change, provided the owner or operator maintains and submits to the Department on an annual basis, for a period of 5 years representative of normal post-change operations of the unit, within the period not longer than 10 years following the change, information demonstrating that the physical or operational change did not result in an emissions increase.  The definition of "representative actual annual emissions" found in 40 CFR 52.21(b)(33) is adopted and incorporated by reference in Rule 62-204.800, F.A.C.

(109)
“Electric utility steam generating unit” - Any steam electric generating unit that is constructed for the purpose of supplying more than one-third of its potential electric output capacity and more than 25 MW electrical output to any utility power distribution system for sale.  Any steam supplied to a steam distribution system for the purpose of providing steam to a steam-electric generator that would produce electrical energy for sale is also considered in determining the electrical energy output capacity of the unit.

40 CFR 52.21  Prevention of Significant Air Quality

(b)
Definitions

(33) Representative actual emissions means the average emission rate, in tons per year, at which the source is projected to emit a pollutant for the two-year period after a physical change or change in the method of operation of a unit (or a different consecutive two-year period within 10 years after that change, where the Administrator determines that such period is more representative of normal source operations), considering the effect any such change will have on increasing or decreasing the hourly emissions rate and on the projected capacity utilization.  In projecting future emissions the Administrator shall:

(i) Consider all relevant information, including but not limited to, historical operational data, the company’s own representations, filings with the State or Federal regulatory authorities, and compliance plans under title IV of the Clean Air Act; and

(ii) Exclude, in calculating any increase in emissions that results from the particular physical change or change in the method of operation at an electric utility steam generating unit, that portion of the unit’s emissions following the change that could have been accommodated during the representative baseline period and is attributable to an increase in projected capacity utilization at the unit that is unrelated to the particular change, including any increased utilization due to the rate of electricity demand growth for the utility system as a whole.

Note:  As an aside, the initial  PSD air construction permit authorized installation of coal handling facilities and the firing of low sulfur coal.  However, the coal handling facilities were never constructed and coal has never been fired at this plant.  Okeelanta Power L.P. must obtain new authorization from the Department (through a permit modification) to fire any coal in the future.  At the very least, such a request shall evaluate current “Best Available Control Technologies” for each significant pollutant.








