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1.  General Project INFORMATION

Facility Description and Location

The Sugar Cane Growers Cooperative of Florida operates an existing sugar mill known as the Glades Sugar House, which consists of six carbonaceous fuel-fired boilers and one coating operation.  The Standard Industrial Classification (SIC) code for this type of plant is SIC No. 2061.  The facility is located at 1500 West Sugar House Road in Belle Glade, Palm Beach County.  The UTM coordinates are Zone 17, 534.9 km East, and 2953.3 km North.
Regulatory Categories

This project is subject to the applicable environmental laws in Section 403 of the Florida Statutes (F.S.).  The Florida Statutes authorize the Department of Environmental Protection (Department) to establish rules regarding air quality in the Florida Administrative Code (F.A.C.).  The facility is classified according to the following major regulatory categories.

· The facility is a major source of hazardous air pollutants (HAP).

· The facility does not operate units subject to the acid rain provisions of the Clean Air Act.

· The facility is a Title V major source of air pollution in accordance with Chapter 213, F.A.C.

· The facility is a major stationary source pursuant to Rule 62-212.400, F.A.C. for the Prevention of Significant Deterioration (PSD) of Air Quality.
· The facility operates BART-eligible units subject to Rule 62-296.340, F.A.C.
Project Description

The applicant, Sugar Cane Growers Cooperative, submitted an application to satisfy the requirements of Rule 62-296.340 (BART), F.A.C., which addresses the following BART-eligible emissions units:  Boiler 1 (EU-001), Boiler 2 (EU-002), Boiler 4 (EU-004) and Boiler 5 (EU-005).  This Technical Evaluation and Preliminary Determination details the project, provides the top-down BART analysis, and identifies the preliminary BART determinations.
Processing Schedule

01/30/07
Department received the BART exemption modeling analysis, which failed the exemption criteria.
01/31/08
Department received the BART application for an air pollution construction permit.
02/29/08
Department requested additional information.

06/02/08
Department received additional information; application complete.

2.  Applicable BART Regulations

Regulatory Authority
This project is subject to the applicable regulatory requirements in the following Chapters of the F.A.C.:  62-4 (Permitting Requirements); 62-204 (Ambient Air Quality Requirements, PSD Increments, and Federal Regulations Adopted by Reference); 62-210 (Permits Required, Public Notice, Reports, Stack Height Policy, Circumvention, Excess Emissions, and Forms); 62-212 (General Preconstruction Review, PSD Preconstruction Review, and Non-attainment Area Preconstruction Review); 62-296 (Emission Limiting Standards); and 62-297 (Test Methods and Procedures, Continuous Monitoring Specifications, and Alternate Sampling Procedures).  It is also subject to the applicable provisions in Title 40 of the Code of Federal Regulations (CFR) as adopted in Chapter 62-204, F.A.C.
Specifically, this project is subject to Rule 62-296.340 (BART), F.A.C. for determining and applying the best available retrofit technology for each BART-eligible source as defined in 40 CFR 51.301.  The state rule implements the federal provisions of Appendix Y in 40 CFR Part 51, “Guidelines for BART Determinations under the Regional Haze Rule”.
Affected Pollutants

In accordance with Appendix Y in 40 CFR 51, the affected visibility-impairing pollutants include the following:  nitrogen oxides (NOX), particulate matter with an aerodynamic particle diameter of 10 microns or less (PM10), and sulfur dioxide (SO2).
BART Definition
Pursuant to 40 CFR 51.301, Best Available Retrofit Technology (BART) means, “… an emission limitation based on the degree of reduction achievable through the application of the best system of continuous emission reduction for each pollutant which is emitted by ... [a BART-eligible source].  The emission limitation must be established, on a case-by case basis, taking into consideration the technology available, the costs of compliance, the energy and non-air quality environmental impacts of compliance, any pollution control equipment in use or in existence at the source, the remaining useful life of the source, and the degree of improvement in visibility which may reasonably be anticipated to result from the use of such technology.”  In accordance with Rule 62-296.340(3), F.A.C., the Department shall determine BART for each affected source in an air construction permit.
BART Analysis Procedure
There are five basic steps in the case-by-case BART analysis:
Step 1.
Identify all available retrofit control technologies.  A comprehensive list of available technologies for analysis must be identified that includes the most stringent option and a reasonable set of available options.  It is not necessary to list all permutations of available control levels that exist for a given technology.  The list is complete if it includes the maximum level of control each technology is capable of achieving.  
Step 2.
Eliminate technically infeasible options.  Control technologies are technically feasible if either (1) they have been installed and operated successfully for the type of source under review under similar conditions, or (2) the technology could be applied to the source under review.  “Availability” and “applicability” are two key concepts in determining whether a technology could be applied.  A technology is considered “available” if the source owner may obtain it through commercial channels, or it is otherwise available within the common sense meaning of the term.  An available technology is “applicable” if it can reasonably be installed and operated on the source type under consideration.  A technology that is available and applicable is technically feasible.  
Step 3.
Evaluate control effectiveness of remaining control technologies.  There are two key issues in this process, including (1) expressing the degree of control in consistent terms to ensure an “apples-to-apples” comparison of emissions performance levels among options, and (2) giving appropriate treatment and consideration of control techniques that can operate over a wide range of emission performance levels.
Step 4.
Evaluate the impacts and document the results.  The evaluation will consider the costs of compliance, energy impacts, non-air quality environmental impacts, and remaining useful life.
Step 5.
Evaluate visibility impacts.  Use CALPUFF (a Gaussian puff modeling system) or other appropriate dispersion model to determine the visibility improvement expected at a Class I area from the potential BART control technology applied to the source.  Note that if the most stringent BART control option available is selected, it is not necessary to conduct an air quality modeling analysis for the purpose of determining its visibility impacts.
BART Determination:  In making a final BART determination, the following will be considered:  (1) technically feasible options; (2) the average and incremental costs of each option; (3) the energy and non-air quality environmental impacts of each option; (4) the remaining useful life; and (5) the modeled visibility impacts.  A justification for selecting a technology as the “best” level of control must be provided and include an explanation of these factors that led to the BART determination.  When a BART determination is made for two regulated pollutants on the same source, if the result is two different BART technologies that do not work well together, it may be reasonable to substitute a different technology or combination of technologies.
3.  BART-Eligible Units
The purpose of the BART regulation is to improve visibility in the Class I areas, which includes six national parks and federal wildlife areas in Florida.  The BART provisions apply to emissions units built between 1962 and 1977 located at one of the 26 specified industrial categories that have the potential to emit more than 250 tons per year (TPY) of visibility-impairing pollutants, which are defined as NOX, PM10) and SO2.  BART category #22 includes, “fossil-fuel boilers of more than 250 million British thermal units (MMBtu) per hour heat input”.  
The Sugar Cane Growers Cooperative operates six existing boilers at the Glades Sugar House that fire bagasse and residual oil.  Boilers 1, 2, 3, 4 and 5 were built between 1962 and 1977.  Of these units, Boilers 1, 2, 4 and 5 each have a total heat input rate of more than 250 MMBtu per hour.  Currently, the maximum fuel sulfur content of oil fired in these boilers is 2.4% by weight.  When the boilers fire the maximum amount of fuel oil along with some bagasse, the maximum visibility impacts in the nearest Class I Area (105 km to the Everglades National Park) are above the regulatory threshold of 0.50 deciview (dv) of change.  Therefore, the applicant identifies only Boilers 1, 2, 4 and 5 as BART-eligible units.  However, the Department believes that Boiler 3 is also a BART-eligible unit as detailed in Section 4.
Description of Existing Boilers and Controls
Boiler 1 is a traveling grate boiler fired with bagasse as the primary fuel and fuel oil as a startup and supplemental fuel.  It has a maximum design steam production rate of 175,000 lb/hour of steam (24-hour average).  The permitted steam production rate has been down rated and is 139,700 lb/hour (24-hour average) at 400 psig and 585ºF (or thermodynamically equivalent).  The permitted heat input rate is 266.7 MMBtu per hour (24-hour average).  The hours of operation are restricted to 7296 hours per year.  Particulate emissions are controlled by a multiple cyclone dust collector followed by a Joy Turbulaire Type D wet impingement scrubber.  Boiler 1 is subject to the following emissions standards.
· PM ≤ 0.25 lb/MMBtu of heat input from carbonaceous fuel plus 0.1 lb/MMBtu of heat input from fossil fuel

· NOX ≤ 0.45 lb/MMBtu heat input from bagasse and/or oil

· NOX ≤ 0.65 lb/MMBtu heat input from residue

· SO2 emissions are limited by firing fuel oil with a maximum sulfur content of 2.4% by weight

Boiler 2 is a traveling grate boiler fired with bagasse as the primary fuel and fuel oil as a startup and supplemental fuel.  It has a maximum design steam production rate of 175,000 lb/hour of steam (24-hour average).  The permitted steam production rate has been down rated and is 138,154 lb/hour (24-hour average) at 400 psig and 585ºF (or thermodynamically equivalent).  The permitted heat input rate is 269 MMBtu per hour (24-hour average).  The hours of operation are restricted to 7296 hours per year.  Particulate emissions are controlled by a multiple cyclone dust collector followed by two Joy Turbulaire Type D wet impingement scrubbers in parallel.  Boiler 2 is subject to the following emissions standards.
· PM ≤ 0.25 lb/MMBtu of heat input from carbonaceous fuel plus 0.1 lb/MMBtu of heat input from fossil fuel

· NOX ≤ 0.45 lb/MMBtu heat input from bagasse and/or oil

· NOX ≤ 0.65 lb/MMBtu heat input from residue

· SO2 emissions are limited by firing fuel oil with a maximum sulfur content of 2.4% by weight

· Boiler 3 is a water-cooled, pinhole grate boiler fired with bagasse as the primary fuel and fuel oil as a startup and supplemental fuel.  Fuel oil is limited to a maximum sulfur content of 2.4% by weight.  The maximum steam production rate is 110,000 lb/hour of steam (8-hour average) at 400 psig and 585ºF (or thermodynamically equivalent).  The maximum heat input rate is 229 MMBtu per hour.  The hours of operation are restricted to 7296 hours per year.  Particulate emissions are controlled by a Joy Turbulaire Type D wet impingement scrubber.  Boiler 3 is subject to the following emissions standards.

· PM ≤ 0.25 lb/MMBtu of heat input from carbonaceous fuel plus 0.1 lb/MMBtu of heat input from fossil fuel

· NOX ≤ 0.45 lb/MMBtu heat input from bagasse and/or oil

· NOX ≤ 0.65 lb/MMBtu heat input from residue

· SO2 emissions are limited by firing fuel oil with a maximum sulfur content of 2.4% by weight

Boiler 4 is a traveling grate boiler fired with bagasse as the primary fuel and fuel oil as a startup and supplemental fuel.  The maximum design steam production rate is 300,000 lb/hour of steam (24-hour average) at 400 psig and 585ºF (or thermodynamically equivalent).  The maximum heat input rate is 572.7 MMBtu per hour (24-hour average).  The hours of operation are restricted to 7296 hours per year.  Particulate emissions are controlled by a low efficiency cyclone dust collector followed by two Joy Turbulaire Type D wet impingement scrubbers in parallel.  Boiler 4 is subject to the following emissions standards.
· PM ≤ 0.20 lb/MMBtu of heat input from carbonaceous fuel plus 0.1 lb/MMBtu of heat input from fossil fuel

· NOX ≤ 0.45 lb/MMBtu heat input from bagasse and/or oil

· NOX ≤ 0.65 lb/MMBtu heat input from residue

· SO2 emissions are limited by firing fuel oil with a maximum sulfur content of 2.4% by weight

Boiler 5 is a traveling grate boiler fired with bagasse as the primary fuel and fuel oil as a startup and supplemental fuel.  The maximum design steam production rate is 230,000 lb/hour of steam (24-hour average) at 400 psig and 585ºF (or thermodynamically equivalent).  The maximum heat input rate is 439.1 MMBtu per hour (24-hour average).  The hours of operation are restricted to 7296 hours per year.  Particulate emissions are controlled by a multiple cyclone dust collector followed by two Joy Turbulaire Type D wet impingement scrubbers in parallel.  Boiler 5 is subject to the following emissions standards.
· PM ≤ 0.25 lb/MMBtu of heat input from carbonaceous fuel plus 0.1 lb/MMBtu of heat input from fossil fuel

· NOX ≤ 0.45 lb/MMBtu heat input from bagasse and/or oil

· NOX ≤ 0.65 lb/MMBtu heat input from residue

· SO2 emissions are limited by firing fuel oil with a maximum sulfur content of 2.4% by weight

Boiler 8 is a traveling grate boiler fired with bagasse as the primary fuel and fuel oil as a startup and supplemental fuel.  Although Boiler 8 may fire fuel oil from the common tank, any fuel oil fired in Boiler 8 during a given day must be replaced in the common tank within 72 hours with fuel oil containing no more than 1.0% by weight.  The maximum steam production rate is 264,000 lb/hour (24-hour average) of steam at 400 psig and 585ºF (or thermodynamically equivalent).  The maximum heat input rate is 564.0 MMBtu per hour.  The hours of operation are restricted to 7296 hours per year.  Particulate emissions are controlled by a multiple cyclone dust collector followed by two Joy Turbulaire Type D wet impingement scrubbers in parallel.  Boiler 8 is subject to the following emissions standards.
· PM ≤ 0.15 lb/MMBtu of heat input from carbonaceous fuel plus 0.1 lb/MMBtu of heat input from fossil fuel

· NOX ≤ 123 lb/hour

· SO2 emissions are limited by a 1981 determination of the Best Available Control Technology (BACT) that requires any fuel oil fired in this unit during a given day to be replaced in the common tank within 72 hours with fuel oil containing no more than 1.0% by weight
Other Common Boiler Restrictions

The BART-eligible units are also subject to the following existing restrictions for combined operations.

· From April 16th through October 12th, boiler operations shall be restricted to no more than three boilers (Nos. 1, 2, 4, 5 or 8) at any given time and to no more than 120 days.  During this period of restricted operation, steam production shall not exceed a maximum daily average of 450,000 lb/hour.

· The total SO2 emissions from all operating boilers shall not exceed 14 tons per day.

Residue Firing – All Boilers

According to the current Title V air operation permit, each of the BART-eligible boilers may fire “bagasse residue”, which was a byproduct from processing bagasse at another nearby facility, Q.O. Chemicals.  However, Q.O. Chemicals permanently shut down operations several years ago and bagasse residue is no longer available.  The Annual Operating Reports indicate that bagasse residue has not been fired since 1998.  The Title V permit indicates an estimated sulfur content of 0.2% by weight for bagasse and 0.5% by weight for bagasse residue (150% higher).  In addition, as shown in the previous emissions unit descriptions, the firing of bagasse residue was expected to result in NOX emissions approximately 45% higher than bagasse alone or in combination with fuel oil.  The application did not consider the firing of residue in any of the control technology reviews or in the modeling analyses.  Therefore, the draft permit will not authorize the firing of bagasse residue.
Summary of the Applicant’s Initial Visibility Modeling Analysis
The CALPUFF model (Version 5.756) was used to predict the maximum visibility impairment at two PSD Class I areas located within 300 kilometers (km) of the Glades Sugar House.  The nearest PSD Class I area is the Everglades National Park (ENP), which is located 105 km from the facility at the closest point.  The other PSD Class I area is the Chassahowitzka National Wilderness Area (CNWA), which is located approximately 289 km from the facility.  The CALPUFF modeling analysis followed the Visibility Improvement State and Tribal Association of the Southeast (VISTAS) common protocol (Version 3.2).  The Department provided the applicant with “CALPUFF-ready” 4-km CALMET meteorological data for the period 2001-2003.  Class I receptor locations were obtained from the National Park Service and a Lambert Conformal Conic coordinate system was used.

For the BART-eligible sources, the PM10, SO2, sulfuric acid mist (H2SO4) and NOX emission rates were determined from either stack test data with maximum daily steam production rates or from permit limits to reflect the maximum 24-hour average normal operation for the most recent five years.  PM10 emissions were speciated into six particulate species in specific size categories and modeled.  These rates were based on two firing scenarios:  100% bagasse firing (normal operating scenario) and maximum fuel oil firing with the remainder of the heat input rate due to bagasse (infrequent operating scenario).  There were also maximum emissions rates for the crop season (October 12th through April 16th) and the off-crop season.  Emission rates of PM10, SO2, H2SO4 and NOX were input directly into the CALPUFF model.  

In addition, the results presented with the BART review are based on a new visibility impairment algorithm developed by the Interagency Monitoring of Protected Visual Environments (IMPROVE) committee called the “new IMPROVE” algorithm.  This algorithm includes light extinction due to sea salt, which is important near sea coasts.  Since the new IMPROVE equation cannot be directly implemented using the existing version of the CALPUFF model without additional post-processing or model revision, VISTAS has developed a method for implementing the new IMPROVE equation using existing CALPUFF/CALPOST output in a spreadsheet.  The spreadsheet was used to recalculate visibility impairment due to BART eligible units in addition to visibility impacts due to the old IMPROVE equation.
For the 2001 to 2003 time period, the model predicts the 24-hour visibility impairment values based on the 8th highest (98th percentile) for each year.  These values are compared with the regulatory threshold of 0.50 dv change in visibility from the predicted natural conditions.  In addition, the model output predicts the number of days each year that the visibility threshold will be exceeded.
Summary of Modeled Impacts at the ENP

The ENP is the Class I area nearest to the facility and has the highest predicted impacts.  The following tables summarize the initial modeling effort for all BART-eligible emissions units.  The first table is based on the scenario of firing only bagasse.  The second table is based on the scenario of firing the maximum amount of fuel oil with the remainder being bagasse.

Table 3A.  Visibility Impacts from the Glades Sugar House at ENP – Initial Analysis
Contribution of Visibility Impairing Particle Species Types

Scenario:  Bagasse Firing Only 
	 
	Percent Contribution to 8th Highest Visibility Impacts (dv)

	 
	2001
	2002
	2003

	BART-Eligible
	Visibility
	Contribution
	Visibility
	Contribution
	Visibility
	Contribution

	Emission Unit
	Impact
	SO4
	NO3
	PM10
	Impact
	SO4
	NO3
	PM10
	Impact
	SO4
	NO3
	PM10

	 
	(dv)
	(%)
	(%)
	(%)
	(dv)
	(%)
	(%)
	(%)
	(dv)
	(%)
	(%)
	(%)

	Boiler 1
	0.044
	20.1
	27.5
	46.9
	0.049
	22.1
	5.8
	64.5
	0.059
	19.5
	35.7
	39.3

	Boiler 2
	0.035
	31.2
	10.2
	55.4
	0.038
	23.7
	19.0
	52.6
	0.043
	24.3
	14.0
	56.2

	Boiler 4
	0.200
	11.9
	36.9
	39.3
	0.199
	14.5
	22.1
	49.0
	0.233
	13.6
	27.1
	45.6

	Boiler 5
	0.155
	20.9
	7.4
	62.3
	0.157
	14.0
	17.7
	56.6
	0.195
	17.9
	14.0
	61.7

	Total Impacts
	0.434
	15.9
	32.8
	44.9
	0.434
	16.3
	32.7
	45.0
	0.520
	14.1
	35.4
	44.1


As shown above, the cumulative visibility impacts (8th highest value) when firing only bagasse were below the exemption threshold of 0.50 dv in years 2001 and 2002 and just above in year 2003 (0.52 dv).  In addition, the model predicted the following number of days over the exemption threshold for each of these years:  2001 (7 days), 2002 (2 days) and 2003 (1 day).  The table also shows the contribution of each pollutant towards the visibility impairment.  For the bagasse only scenario, PM10 emissions contribute approximately 45% to the overall visibility impairment and are the dominating pollutant.  Emissions of NOX are the second highest contributing pollutant.
Table 3B.  Visibility Impacts from the Glades Sugar House at ENP – Initial Analysis
Contribution of Visibility Impairing Particle Species Types

Scenario:  Maximum Fuel Oil Firing with Remainder Bagasse
	 
	Percent Contribution to 8th Highest Visibility Impacts (dv)

	 
	2001
	2002
	2003

	BART-Eligible
	Visibility
	Contribution
	Visibility
	Contribution
	Visibility
	Contribution

	Emission Unit
	Impact
	SO4
	NO3
	PM10
	Impact
	SO4
	NO3
	PM10
	Impact
	SO4
	NO3
	PM10

	 
	(dv)
	(%)
	(%)
	(%)
	(dv)
	(%)
	(%)
	(%)
	(dv)
	(%)
	(%)
	(%)

	Boiler 1
	0.071
	64.1
	5.0
	25.5
	0.081
	64.0
	5.7
	22.7
	0.086
	71.1
	11.1
	14.2

	Boiler 2
	0.065
	72.0
	2.70
	21.8
	0.074
	70.7
	3.9
	20.1
	0.081
	78.3
	1.70
	15.5

	Boiler 4
	0.207
	35.4
	18.5
	36.0
	0.240
	31.5
	23.5
	37.1
	0.284
	41.4
	16.4
	35.6

	Boiler 5
	0.169
	35.2
	26.5
	32.1
	0.187
	39.1
	32.7
	24.1
	0.216
	40.2
	13.1
	40.7

	Total Impacts
	0.502
	39.7
	15.9
	36.1
	0.553
	48.0
	27.8
	20.1
	0.578
	48.7
	13.8
	30.3


As shown above for the maximum fuel oil firing scenario, the cumulative visibility impacts (8th highest value) were above the exemption threshold of 0.50 dv in year 2002 (0.55 dv) and year 2003 (0.58 dv).  In addition, the model predicted the following number of days over the exemption threshold for each of these years:  2001 (12 days), 2002 (10 days) and 2003 (5 days).  The table also shows the contribution of each pollutant towards the visibility impairment.  For the maximum fuel oil firing scenario, SO2 emissions contribute 40% to 49% to the overall visibility impairment and are the dominating pollutant.  Emissions of PM10 are the second highest contributor.  Since the largest visibility impairment occurred during the maximum oil firing scenario, the applicant focused the BART analysis on this case.
Summary of Modeled Impacts at the CNWA
For the CNWA Class I area, the model predicted no 8th highest or 22nd highest visibility impairment values over the 0.5 dv change exemption criteria.

4.  BART Control technology Review

Applicant’s Control Technology Review and Proposal

Emissions of NOX, PM10 and SO2 are emitted from the mill boilers, which combust bagasse and oil to produce steam for various processes at the mill.  Bagasse is a byproduct of the sugarcane milling process and is essentially a free fuel.  Ash from firing bagasse is typically returned to the sugarcane fields as a soil conditioner.  Fuel oil must be purchased and represents an additional operating cost.  Fuel oil is generally used for startup and to supplement bagasse (e.g., wet weather conditions, bagasse feed upsets, etc.).  Since bagasse is the primary fuel and No. 6 oil is a startup and supplemental fuel, the following two cases were considered in developing the control technology review and corresponding visibility modeling:  100% bagasse firing (normal operating mode) and maximum fuel oil firing with the remainder of the heat input provided by bagasse (occasional operating mode).

As shown in the initial visibility analysis, the highest visibility impacts occurred when firing the maximum amount of fuel oil with the remainder of the heat input provided by bagasse.  For this case, the dominant pollutant contribution was from SO2 emissions.  Boiler Nos. 4 and 5 are the largest of the BART-eligible units and represent more than 80% of the visibility impacts.  For these reasons, the applicant focused on the control of emissions from Boilers 4 and 5 to reduce visibility impacts.  Since some control options reduce more than one pollutant, all control options are presented together.
Step 1.  Identify all available retrofit control technologies.
The applicant identified the following available retrofit control technologies.
Table 4A.  Available Retrofit Control Options

	Control Option
	Pollutants Controlled

	
	NOX
	PM10
	SO2

	Fuel Switch:  No. 6 fuel oil w/1% sulfur by weight
	---
	---
	X

	Fuel Switch:  Distillate oil w/0.05% sulfur by weight
	---
	---
	X

	Fuel Switch:  Distillate oil w/0.0015% sulfur by weight
	---
	---
	X

	Add caustic injection to existing wet impingement scrubber
	---
	---
	X

	Install new wet scrubber
	X
	---
	X

	Dry Scrubbing with Furnace Sorbent Injection (FSI)
	---
	---
	X

	Combustion Improvement:  Rotating Opposed-Fire Air (ROFA)
	X
	X
	---

	ROFA+ROTAMIX (ammonia injection)
	X
	X
	---

	ROFA+Furnace+FSI
	X
	X
	X

	ROFA+ROTAMIX+FSI
	X
	X
	X

	Selective Non-Catalytic Reduction (SNCR)
	X
	---
	---

	Electrostatic Precipitator (ESP) with 98.6% overall control
	---
	X
	---


The above technologies are commonly included in control technology reviews.  The application includes detailed descriptions of each control option.

Steps 2.  Eliminate technically infeasible options.

Initially, the applicant did not consider dry scrubbing processes feasible because they are typically used with medium sulfur coals due to limitations in reaction rates and sorbent handling.  Subsequently, the applicant provided additional information for furnace sorbent injection.
Step 3.  Evaluate control effectiveness of remaining control technologies.

The applicant identified the following control efficiencies for the remaining control options.
Table 4B.  Estimated Control Efficiencies for Remaining Control Options
	Control Option
	Control Efficiencies a

	
	NOX

Reduction
	PM10

Reduction
	SO2

Reduction

	Fuel Switch:  No. 6 fuel oil w/1% sulfur by weight
	b
	b
	58%

	Fuel Switch:  Distillate oil w/0.05% sulfur by weight
	b
	b
	98%

	Fuel Switch:  Distillate oil w/0.0015% sulfur by weight
	b
	b
	99.9%

	Add caustic injection to existing wet impingement scrubber
	---
	---
	50%

	Install new wet scrubber
	b
	84%
	98%

	Dry Scrubbing with Furnace Sorbent Injection (FSI)
	---
	---
	55%

	Combustion Improvement:  Rotating Opposed-Fire Air (ROFA)
	45%
	35%
	b

	ROFA+ROTAMIX (ammonia injection)
	60%
	35%
	---

	ROFA+Furnace+FSI
	45%
	35%
	55%

	ROFA+ROTAMIX+FSI
	60%
	35%
	55%

	Selective Non-Catalytic Reduction (SNCR)
	30%
	b
	b

	Electrostatic Precipitator (ESP) with 98.6% overall control
	---
	84%
	---


Notes:
a. All emissions reductions are from baseline emissions.
b. Changes are considered negligible.

Step 4.  Evaluate the impacts of the remaining technologies and document the results, including:  costs of compliance, energy impacts, non-air quality environmental impacts, and remaining useful life.
The applicant did not indicate that the life of the mill boilers was an issue.  Control options were evaluated based on a useful life of 20 years.  Minor issues related to energy impacts (additional energy necessary for various control options) and non-air quality environmental impacts (e.g., waste disposal) were considered in terms of costs as part of the cost effectiveness analysis.  The following table summarizes the applicant’s estimated costs and overall cost effectiveness for the various control options.

Table 4C.  Estimated Costs for Remaining Control Options

	Control Option
	Capital

Costs
	Annualized

Costs
	Cost Effectiveness

	No. 6 fuel oil w/1% sulfur, existing common tank
	0
	$51,753
	$1160/ton SO2 removed

	New high-energy + caustic wet scrubber
	$4,530,465
	$802,880
	$3774/ton PM and SO2 removed

	ROFA
	$4,889,009
	$978,205
	$4393/ton PM10 and NOX removed

	ROFA+FSI
	$6,887,599
	$1,359,951
	$5259/ton NOX, PM10 and SO2 removed

	Add caustic injection to existing scrubbers
	$870,093
	$310,926
	$5493/ton SO2 removed

	ROFA+ROTAMIX
	$7,287,064
	$1,652,918
	$5742/ton PM10 and NOX removed

	FSI
	$1,998,590
	$381,746
	$6011/ton PM10 removed

	ROFA+ROTAMIX+FSI
	$9,285,654
	$2,034,664
	$6560/ton NOX, PM10 and SO2 removed

	ESP
	$4,382,831
	$672,256
	$6735/ton SO2 removed

	No. 6 fuel oil w/1% sulfur, new tank
	$2,772,438
	$465,371
	$6848/ton SO2 removed

	New high-energy PM wet scrubber
	$3,660,372
	$724,716
	$7261/ton PM10 removed

	SNCR
	$2,866,288
	$837,692
	$8120/ton NOX removed

	Distillate oil w/0.05% sulfur
	$2,536,875
	$1,236,532
	$10,926/ton SO2 removed

	Distillate oil w/0.0015% sulfur
	$2,536,875
	$1,346,292
	$11,666/ton SO2 removed


The applicant provided cost estimates for Boiler Nos. 4 and 5.  The above table summarizes the costs for Boiler 4, which is the largest boiler with the highest visibility impacts.  Pollutant reductions were based on the assumed control efficiency for the given option and the baseline emissions estimated using the following information from annual operating reports (2001 to present):  heat input based on maximum fuel oil usage, remainder of heat input from bagasse usage, and the actual sulfur content of each fuel.

Step 5.  Evaluate visibility impacts.
The following table summarizes the changes in visibility impacts that would result in applying the control options to Boiler 4.
Table 4D.  Summary of Visibility Impacts after Controlling Boiler 4, Maximum Fuel Oil Firing
	Control Option
	Pollutants

Controlled
	Visibility Impacts, dv
	Annualized

Costs
	dv Change/Cost

	
	
	Baseline
	Controlled
	Change
	
	

	No. 6 fuel oil w/1% sulfur, existing tank
	SO2
	0.284
	0.223
	0.061
	$51,753
	$848,410/dv

	No. 6 fuel oil w/1% sulfur, new tank
	SO2
	0.284
	0.223
	0.061
	$465,371
	$7,629,033/dv

	Distillate oil w/0.05% sulfur
	SO2
	0.284
	0.161
	0.123
	$1,236,532
	$10,053,105/dv

	Distillate oil w/0.0015% sulfur
	SO2
	0.284
	0.160
	0.124
	$1,346,292
	$10,857,193/dv

	Add caustic injection to existing scrubber
	SO2
	0.284
	0.184
	0.100
	$310,926
	$3,109,260/dv

	New high-energy wet scrubber
	PM10
	0.284
	0.197
	0.087
	$724,716
	$6,588,323/dv

	New high-energy + caustic wet scrubber a
	PM10/SO2
	0.284
	0.197 c
	0.087 c
	$802,880
	$9,228,508/dv

	FSI b
	SO2
	0.284
	b
	b
	$381,746
	b

	ROFA c
	NOX/PM10
	0.284
	0.255
	0.029
	$978,205
	$33,731,206/dv

	ROFA+ROTAMIX c
	NOX/PM10
	0.284
	0.246
	0.038
	$1,652,918
	$43,497,842/dv

	ROFA+FSI b, c
	NOX/PM10/SO2
	0.284
	b
	b
	$1,359,951
	b

	ROFA+ROTAMIX+FSI b, c
	NOX/PM10/SO2
	0.284
	b
	b
	$2,034,664
	b

	SNCR
	NOX
	0.284
	0.265
	0.019
	$837,692
	$44,089,052/dv

	ESP
	PM10
	0.284
	0.174
	0.110
	$672,256
	$6,111,418/dv


Notes

a. This estimate does not include visibility reductions due to the control of PM10 in addition to SO2 for the scrubber.  It appears that revised Table 5-4 was not adjusted when PM10 reductions were included.  The applicant reported that controlling PM10 (101.8 TPY reduction) in addition to SO2 (110.9 TPY reduction) with a high-energy caustic wet scrubber would result in the same visibility reductions (0.087 dv) as just a caustic scrubber to reduce SO2 (99.8 TPY reduction).

b. The applicant did not predict the visibility reduction from reducing SO2 emissions with FSI.  Without the predicted visibility reduction, the “dv change/cost” could not be estimated for the addition of FSI.  For options with FSI, the visibility reductions do not account for SO2 reductions from FSI (revised Tables 4, 5-6 and 5-11).
c. The applicant estimates that ROFA will also reduce PM10 emissions by 35%; however, the visibility reductions attributed to ROFA result only from NOX reductions.  None of the control options with ROFA account for PM10 reductions.
Conclusion and Proposal

The applicant indicates that the capital and annual costs for the control options are prohibitively high.  Based on the estimated control costs in terms of visibility improvement ($/dv), the applicant believes that no additional control methods are cost effective and proposes no changes for the BART-eligible units or to the existing NOX, PM10 and SO2 standards.
Department’s Review of Applicant’s Analysis
Step 1.  Identify all available retrofit control technologies.

The Department accepts the applicant’s list of retrofit control options identified in Table 4A as a reasonable summary of available technologies for boilers fired with biomass as the primary fuel.  However, selective catalytic reduction (SCR) for NOX control should have been included as a technically feasible and available option.

Steps 2.  Eliminate technically infeasible options.

With the additional information provided, no identified control options were considered technically infeasible.
Step 3.  Evaluate control effectiveness of remaining control technologies.

The control efficiencies provided in Table 4B are reasonable estimates for the control technologies.
Step 4.  Evaluate the impacts of the remaining technologies and document the results, including:  costs of compliance, energy impacts, non-air quality environmental impacts, and remaining useful life.
The Department does not necessarily endorse the applicant’s cost estimates.  In particular, several items included in the estimates for the lower sulfur fuel options did not appear appropriate considering the facility already utilizes tanks and piping to supply fuel oil to the boilers (e.g., operating labor, supervisor labor, maintenance materials, maintenance labor, overhead, etc.).  In addition, the applicant did not provide details specific to the project to adequately justify a project contingency factor of 20% for fairly common control devices.  Nevertheless, the cost estimates are useful for purposes of comparison.

As previously discussed, the life of the mill boilers was not an issue and control options were evaluated for a 20-year life.  Energy impacts for various control options and non-air quality environmental impacts (e.g., waste disposal) were evaluated in terms of costs.  In addition to the applicant’s cost effectiveness summarized in Table 4C, the following table summarizes the Department’s estimated costs for SCR applied to Boiler 4.
Table 4E.  Estimated Costs for SCR w/75% Control
	Capital Costs
	Annualized Costs
	Cost Effectiveness

	$/MMBtu
	Total, $
	$/MMBtu
	Total, $
	$/ton NOX Removed

	$5000 to $7500
	$2,865,000 - $4,297,500
	$870
	$498,500
	$5730/ton


Notes:

a. Costs are estimated based on EPA’s 2003 Fact Sheet for SCR systems (EPA-CICA Fact Sheet No. EPA-452/F-03-034), which reflects 2001 dollars.  The average of the estimated capital costs will be used.
b. The 2001 dollars were adjusted for 2008 dollars based on the CPI Inflation Calculator on the Bureau of Labor Statistics’ web site (http://www.bls.gov/data/inflation_calculator.htm).

The following table ranks the control options by overall cost effectiveness and capital costs.

Table 4F.  Control Options Ranked by Costs

	Control Option
	Cost Effectiveness
	Capital Costs

	
	$/ton
	Rank
	$
	Rank

	No. 6 fuel oil w/1% sulfur, existing common tank
	1160
	1
	0
	1

	New high-energy + caustic wet scrubber
	3774
	2
	$4,530,465
	10

	ROFA
	4393
	3
	$4,889,009
	11

	ROFA+FSI
	5259
	4
	$6,887,599
	12

	Add caustic injection to existing scrubbers
	5493
	5
	$870,093
	2

	SCR
	5730
	6
	$3,581,250
	7

	ROFA+ROTAMIX
	5742
	7
	$7,287,064
	13

	FSI
	6011
	8
	$1,998,590
	3

	ROFA+ROTAMIX+FSI
	6560
	9
	$9,285,654
	14

	ESP
	6735
	10
	$4,382,831
	9

	No. 6 fuel oil w/1% sulfur, new tank
	6848
	11
	$2,772,438
	5

	New high-energy PM wet scrubber
	7261
	12
	$3,660,372
	8

	SNCR
	8120
	13
	$2,866,288
	6

	Distillate oil w/0.05% sulfur
	10,926
	14
	$2,536,875
	4

	Distillate oil w/0.0015% sulfur
	11,666
	15
	$2,536,875
	4


As shown above, switching to No. 6 fuel oil with a sulfur content of 1.0% is the most cost-effective control option and incurs no capital costs.  Replacing the existing wet impingement scrubbers is the next most cost-effective control option, but would incur substantial capital costs.  The addition of a caustic injection system to the existing wet impingement scrubbers is the 5th most cost-effective control option and would incur only modest capital costs.
Step 5.  Evaluate visibility impacts.
As discussed under the applicant’s review, visibility reductions were not accounted for with regard to the following control options:  PM10 reductions (in addition to SO2 reductions) from a new high-energy caustic wet scrubber; and SO2 reductions from FSI.  The following table provides estimates of the visibility reductions for control options with these systems.
Table 4G.  Estimated Visibility Reductions for Miscellaneous Control Options for Boiler 4
	Control Option
	Visibility Impacts, dv

	
	Baseline
Impact
	Visibility Changes per Controlled Pollutant
	Resulting
Impact

	
	
	NOX
	PM10
	SO2
	Total
	

	New wet scrubber for PM10 and SO2 a
	0.284
	negligible
	-0.110
	-0.087
	-0.197
	0.087

	FSI b
	0.284
	negligible
	0
	-0.055
	-0.055
	0.229

	ROFA c
	0.284
	-0.029
	-0.046
	0
	-0.075
	0.209

	ROFA+ROTAMIX c
	0.284
	-0.038
	-0.046
	0
	-0.084
	0.200

	ROFA+FSI b, c
	0.284
	-0.029
	-0.046
	-0.055
	-0.130
	0.154

	ROFA+ROTAMIX+FSI b, c
	0.284
	-0.038
	-0.046
	-0.055
	-0.139
	0.145

	SCR d
	0.284
	-0.048
	0
	0
	-0.048
	0.236


a. For the new high-energy caustic scrubber, the estimate assumes 84% control of PM10 and 98% control of SO2.  The change in visibility impacts are based on:  the applicant’s estimate for SO2 reductions by wet scrubber in Table 5-4; and the applicant’s estimate for PM10 reductions by wet scrubber in Table 3.
b. As previously mentioned, the applicant did not provide modeled impacts for FSI.  It is noted that FSI has an estimated SO2 control efficiency of 55%, which is similar to the 50% SO2 reduction estimated for adding caustic injection to the existing scrubbers.  Therefore, the change in visibility impacts for FSI will be assumed to be equal to the change in visibility impacts predicted for adding caustic injection to the existing scrubbers (Table 5-5).

c. For the options with ROFA, the estimate assumes 45% control of NOX and 35% control of PM10.  The change in visibility impacts are based on:  the applicant’s estimate due to NOX reductions in Table 5-6; and an estimate of 0.0013 dv reduction per percent PM10 reduction (based on a 0.11 dv reduction from an 84% reduction in PM10 with an ESP).
d. Estimates of percent control efficiencies are from baseline emissions estimates.

The impacts estimated above in Table 4G are used in the following table to summarize the overall impacts from all control options under review.
Table 4H.  Summary of Visibility Impacts after Control of Boiler 4, Maximum Fuel Oil Firing

	Control Option
	Summary of Visibility Impacts
	Cost

Effectiveness

($/ton)

Rank
	Capital

Costs

Rank

	
	Change
	Annualized

Costs
	dv Change/Cost
	Rank
	
	

	No. 6 fuel oil w/1% sulfur, existing tank
	-0.061
	$51,753
	$848,410/dv
	1
	1
	1

	Add caustic injection
	-0.100
	$310,926
	$3,109,260/dv
	2
	5
	2

	Install new wet scrubber for PM10 and SO2
	-0.197
	$802,880
	$4,075,532/dv
	3
	2
	10

	ESP
	-0.110
	$672,256
	$6,111,418/dv
	4
	10
	9

	New high-energy PM (only) wet scrubber
	-0.087
	$724,716
	$6,588,323/dv
	5
	12
	8

	FSI
	-0.055
	$381,746
	$6,940,836/dv
	6
	8
	3

	No. 6 fuel oil w/1% sulfur, new tank
	-0.061
	$465,371
	$7,629,033/dv
	7
	11
	5

	Distillate oil w/0.05% sulfur
	-0.123
	$1,236,532
	$10,053,105/dv
	8
	14
	4

	SCR
	-0.048
	$498,500
	$10,385,416/dv
	9
	6
	7

	ROFA+FSI
	-0.130
	$1,359,951
	$10,461,161/dv
	10
	4
	12

	Distillate oil w/0.0015% sulfur
	-0.124
	$1,346,292
	$10,857,193/dv
	11
	15
	4

	ROFA
	-0.075
	$978,205
	$13,042,733/dv
	12
	3
	11

	ROFA+ROTAMIX+FSI
	-0.139
	$2,034,664
	$14,637,870/dv
	13
	9
	14

	ROFA+ROTAMIX
	-0.084
	$1,652,918
	$19,677,595/dv
	14
	7
	13

	SNCR
	-0.019
	$837,692
	$44,089,052/dv
	15
	13
	6


Switching to No. 6 fuel oil with a maximum sulfur content of 1.0% in the existing common tank is ranked #1 in terms of cost per visibility reduction, cost effectiveness and capital costs.  The addition of a caustic injection system to the existing wet impingement scrubbers is ranked #2 in terms of cost per visibility reduction, #5 in terms of cost-effectiveness and #2 in terms of capital costs.  Note that the two top-ranked options control only SO2 emissions and that the top 8-ranked options only reduce SO2 and PM10 emissions.  Control options that focus on NOX reductions rank low in terms of cost per visibility reduction.  This reinforces the applicant’s original claim.
Other Considerations

Boiler 3, a BART-eligible Unit
In Table 2-1 in Appendix A of the application, the applicant indicates that Boiler 3 is not a BART-eligible unit because the maximum heat input rate of Boiler 3 is 229 MMBtu per hour, which is less than 250 MMBtu per hour.  EPA Region 4 guidance
 on this issue states:
“A fossil-fuel boiler having less than or equal to 250 MMBTU/hr heat input i.e., falls below the Category 22 thresholds) that serves a process only by contributing energy (e.g., steam or heat) is not considered to be BART-eligible.  However, if the boiler is determined to be integral to the process (i.e., the boiler uses any by-products of the process, and/or the boiler serves the process in any way beyond simply contributing steam or heat), then the boiler should be included as BART eligible, and its category would be that of the process which it serves (e.g., Category 21 - chemical process plant).”
Boiler 3 serves the same function as Boilers 1, 2, 4 and 5.  It fires bagasse as the primary fuel, which is a by-product of the sugar mill process.  The boiler not only contributes steam and heat, it also serves as the disposal method for this residual material.  Consistent with the EPA guidance, the Department considers Boiler 3 to be a BART-eligible unit.
Use of Residual Oil

Residual oil is the fuel oil that remains after the removal of valuable distillates from petroleum, such as gasoline and the lighter oils.  No. 6 residual oil is very viscous and contains many contaminants such as sulfur.  It is so viscous that oil firing systems must be properly engineered with heating systems, pumping systems, insulation and atomizing burners just to store, transfer and burn the oil.  It must be stored near 100° F and heated to 150° F to 250° F before it can be easily pumped.  In cooler temperatures, it can congeal into a tarry semisolid. The sulfur content can be as high as 3% resulting in high levels of SO2 emissions when combusted.  In addition, internal condensation can produce sulfuric acid causing corrosion and maintenance problems.  However, these undesirable characteristics tend to make it the least expensive liquid fuel available for purchase.
As shown in Tables 3A and 3B, the visibility impacts from firing No. 6 residual fuel oil can be 30% higher than firing bagasse alone.  It is one of the primary reasons the applicant was unable to satisfactorily demonstrate that visibility impacts from the BART-eligible units would be below the regulatory threshold of 0.5 dv.  In addition, the model predicted the following number of days over the exemption threshold, which is based on the 8th highest value, for each of these years:  12 days in 2001, 10 days in 2002 and 5 days in 2003.  Lowering the maximum fuel sulfur specification is a simple, but effective way to reduce these impacts.
Applicant’s Cost Estimates for Fuel Switching Options

Aside from the issue of installing a new tank, the Department believes that the applicant’s cost estimates for switching to distillate oil were exaggerated.  The applicant not only considered additional capital costs for all new equipment (new piping, pumps, burners, contingencies, startup costs, performance testing, etc.), but also annual operating costs (operator and supervisor labor, labor and materials for maintenance, overhead, property taxes, insurance and administration).  This analysis fails to consider that some of the existing fuel oil delivery system could be utilized or that the existing No. 6 fuel oil system incurs much higher operating costs than a distillate oil system due to the heating of stored oil, oil pumping, fuel oil additives, fuel oil atomization, corrosion to boiler tubes, and additional maintenance
.  It also fails to consider that the existing oil system also has overhead, property taxes, insurance and administration and that these are not additional costs for the proposed new piping and equipment.
New Tank for Fuel Switch Options

The following table summarizes the annual oil firing rates for each boiler over the last five years.

Table 4I.  Summary of Fuel Oil Usage

	Year
	Operational History for Sugar Mill Boilers

	
	1
	2
	3
	4
	5
	8
	Total
	% of 2003

	MMBtu/hour
	267
	269
	229
	573
	439
	564
	
	

	2003
	239,600
	200,790
	163,720
	528,130
	348,550
	295,750
	1,776,540
	Baseline

	2004
	213,860
	187,220
	113,880
	448,610
	262,510
	220,450
	1,446,530
	81.42%

	2005
	119,810
	124,900
	97,390
	293,280
	201,180
	130,150
	966,710
	54.42%

	2006
	31,540
	34,020
	26,360
	81,620
	56,030
	48,650
	278,220
	15.66%

	2007
	31,580
	31,670
	24,990
	76,730
	52,410
	55,820
	273,200
	15.38%

	Total
	636,390
	578,600
	426,340
	1,428,370
	920,680
	750,820
	4,741,200
	---


As shown, fuel oil usage has steadily decreased from 2003.  In 2006 and 2007, the boilers used only about 15% of that used in 2003.  Boiler 8 consumed nearly 16% of the mill’s total oil fired over the last five years, which had to be replaced in the common tank with the lower sulfur fuel specification (1.0% by weight).  Boiler 3 consumed only 9% of the mill’s total oil fired over the last five years.  Therefore, if the applicant chose to install a new tank because of a switch to 1.0% sulfur fuel oil, it appears more practical and economical to construct a new small tank for Boiler 3 instead of a new 500,000 gallon tank as proposed in the application.  Note that a 500,000 gallon tank would hold 80% more than the fuel oil combusted by all boilers in each of the last two years.
The applicant contends that a new oil storage tank would be required to implement a fuel switch option (even a switch to lower sulfur No. 6 residual oil) since other non-BART-eligible units would use the existing common oil storage tank.  Although the Department considers Boiler 3 to be a BART-eligible unit, it is still highly unlikely that the applicant would choose to install a new fuel storage tank to meet the new sulfur specification.  First of all, Boiler 8 is second largest boiler at the mill and is subject to a 1981 determination of the Best Available Control Technology (BACT) for SO2 that requires any fuel oil fired in this unit during a given day to be replaced in the common tank within 72 hours with fuel oil containing no more than 1.0% by weight.  This leaves only the smallest boiler, Boiler 3, to fire oil with a sulfur content of more than 1.0%.  Instead of adding a new tank, the additional cost incurred by firing 1.0% sulfur fuel oil in Boiler 3 can be considered.  The following table summarizes this analysis.

Table 4J.  2003 Fuel Oil Costs and Visibility Estimates Including Boiler 3

	Boiler
	2003 a
gallons/year
	Fuel Oil Cost Differential

Between 2.4% and 1% b
	SO2 Emissions c
Reductions, TPY
	Visibility d
Reductions, dv

	1
	239,600
	$31,795
	26.5 TPY
	-0.017

	2
	200,790
	$26,665
	22.2 TPY
	-0.018

	3
	163,720
	$21,725
	0
	0

	4
	528,130
	$70,083
	58.4 TPY
	-0.052

	5
	348,550
	$46,252
	38.5 TPY
	-0.028

	Totals
	1,480,790
	$196,520
	145.6 TPY
	-0.115


Notes:
a. Fuel usage is based on 2003 Annual Operating Reports, which is the year with highest oil firing rate.
b. Fuel cost differential is based on the following costs from revised Table 5-3:  $2.6973/gallon of No. 6 fuel oil with 2.4% sulfur and $2.83/gallon of No. 6 fuel oil with 2.4% sulfur ($0.1327/gallon cost difference).

c. SO2 emissions decreases are based on the differences in fuel sulfur and stoichiometric calculations.

d. Visibility reductions are based on the predictions in Tables 1 and revised Table 5-3 and prorated for SO2 reductions.

The above table includes the additional cost for firing 1.0% sulfur oil in Boiler 3, but gives no credit for SO2 or visibility reductions.  The cost per visibility reduction for this option would be $1,708,870/dv, which would still be the #1 rank in terms of cost per visibility reduction when compared with the other control options.  Based on an average for the last two years of operation, the total cost differential for switching to 1.0% sulfur fuel oil would be only $36,587, which is minimal.
Actual Fuel Sulfur Content in Previous Years

It must also be noted that a review of Annual Operating Reports shows that the actual fuel sulfur content averaged 1.0% sulfur by weight in five out of the last ten years.  Clearly, it is not cost prohibitive to fire 1.0% sulfur fuel oil in the mill boilers since this has been done in the past.
Conclusion

Of the applicant’s proposed options, the switch to No. 6 fuel oil with a maximum sulfur content of 1.0% by weight is clearly the most cost-effective option in terms of emissions reductions as well as visibility impacts.  This option incurs no capital costs.  The applicant simply begins purchasing fuel oil that meets the specification.  In fact, the applicant already purchases No. 6 fuel oil meeting this specification for Boiler 8.  Given the fuel oil consumption for the last two years, a switch to oil with a maximum sulfur content of 1.0% by weight would result in minimal additional costs.  As shown for the various modeling scenarios, a reduction in fuel sulfur results in a reduction of visibility impacts as well as SO2 emissions.  All of the mill boilers would continue to fire fuel oil from the common storage tank with the same 1.0% sulfur specification.
Department’s Preliminary BART Determination
Based on all available information, the Department establishes the following preliminary BART standards and corresponding permit conditions for reducing SO2 emissions and visibility impacts.

Authorized Fuels:  All BART-eligible boilers are authorized to fire bagasse, residual oil, distillate oil and on-specification used oil.  Upon issuance of this permit, “bagasse residue” is no longer authorized as a fuel.  [Rule 62-296.340(BART), F.A.C.]
Fuel Oil Sulfur Specification:  The maximum sulfur content of any fuel oil fired in any BART-eligible boiler shall not exceed 1.0% by weight.  “Fuel oil” includes residual oil, distillate oil and on-specification used oil.

Compliance Deadlines:
a. Fuel Oil Purchases:  Beginning no later than June 1, 2012, any fuel oil purchased for a BART-eligible boiler shall comply with the fuel sulfur limit specified by this permit.
b. Tank Fuel Sulfur Levels:  Beginning on January 1, 2014, the actual tested fuel sulfur level of any tank supplying a BART-eligible boiler shall also comply with this fuel sulfur specification.  It may take several tank turnovers or even cleanings to purge higher sulfur oil from an existing tank.  The permittee is responsible for planning, scheduling, monitoring and implementing procedures to ensure that the fuel sulfur levels in the tanks comply with the fuel sulfur specification by this deadline.
[Rule 62-296.340(BART), F.A.C.]
Fuel Sulfur Monitoring:  The actual sulfur content of all fuel oils shall be determined by either ASTM Method D 129-91, or D1552, or D 2622-94, or D 4294-90, the most recent versions of these ASTM methods, or methods with prior approval of the Department.  At least once each federal fiscal year after issuance of this permit, the permittee shall take a representative sample of oil from each tank supplying a BART-eligible boiler and have it analyzed for the sulfur content with an approved method.  In addition, for each delivery of oil supplying a BART-eligible boiler, the permittee shall maintain records of the fuel supplier certification, which shall include:  the name of the oil supplier, the date of delivery, the quantity of oil delivered, the actual fuel sulfur level and the methods used to determine the sulfur content.  As an alternative to the fuel supplier certification, the permittee may take a representative sample of oil for each delivery of oil and have it analyzed for the sulfur content with an approved method.  [Rules 62-296.340(BART) and 62-4-070(3), F.A.C.]
Notification:  Beginning on January 1, 2014, the permittee shall notify the Compliance Authority within one working day of discovering that a tank supplying a BART-eligible boiler may contain oil with a sulfur content greater that the BART specification.  Notification may be made by e-mail, phone or facsimile.  The Compliance Authority may request a full written report on the incident.  [Rules 62-296.340(BART) and 62-4-070(3), F.A.C.]

Fuel Oil Records:  The permittee shall maintain a written record of the fuel oil deliveries, supplier certifications and fuel oil sulfur analyses. Records shall be made available to the Department and Compliance Authority upon request.  Records shall be kept for a minimum of five years.  [Rules 62-296.340(BART) and 62-4-070(3), F.A.C.]
This case-by-case determination considers the following:

· Available control technologies (see Table 4A plus SCR);

· The costs of compliance (no capital costs and minimal annual operating costs);

· Energy or non-air quality environmental impacts of compliance (none);

· Current air pollution control equipment in use or in existence at the source (wet scrubbers);

· The remaining useful life of the source (more than 20 years); and
· The degree of improvement in visibility which may reasonably be anticipated to result from the use of such technology (more than a 20% reduction in visibility impacts for maximum fuel oil firing scenario).
5.  Preliminary Determination

The Department makes a preliminary determination that the proposed project will comply with all applicable state and federal air pollution regulations regarding BART as conditioned by the draft permit.  This determination is based on a technical review of the complete application, all available information, reasonable assurances provided by the applicant, and the conditions specified in the draft permit.  Jeff Koerner is the project engineer responsible for reviewing the application and drafting the permit.  Cleve Holladay is the project meteorologist responsible for reviewing the modeling analysis for visibility.
�	E-mail titled, “Draft Clarifying Email on Small </= 250) Boilers for BART Eligibility”; June 5, 2006; from Michele Notarianni (U.S. EPA Region 4) to Todd Hawes (U.S. EPA RTP), Kathy Kaufman (U.S. EPA RTP) and Joe Kordzi (U.S. EPA Region 6)


�	“The True Cost of No. 6 Oil” from the web site of TechLine, A Publication of National Fuel; http://www.pseg.com/customer/business/industrial/convert/cost.jsp.





